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INTRODUCTION TO VOLUME VII 


The determination of Ontario Hydro’s marginal costs has been 
undertaken in three segments. These are as follows: 


Part 1. The marginal costs of the bulk-power system; 
Part 2. The marginal costs of the distribution system; 


Part 3. The marginal costs of the rural retail system. 


The study of the bulk-power system has been performed by Na- 
tional Economic Research Associates, Inc. (NERA), a consulting 
firm based in New York, with an international reputation in the 
field of utility economics. 


The two remaining analyses were performed by Ontario Hydro 
personnel, to provide an indication of the end rates which would 
result from applying marginal-cost pricing. Although these stud- 
ies may not be as sophisticated as the NERA paper, they do 
achieve the proposed purpose. 


The methodologies used and the results of the three marginal- 
cost studies form the remainder of this volume. 


PART 1: An Analysis of the Time-Differentiated Marginal Costs of Ontario Hydro 


NATIONAL ECONOMIC RESEARCH ASSOCIATES, INC. 


August 18, 1976 


I. INTRODUCTION 


The purpose of this report is to provide input, with regard to the 
time-differentiated marginal costs of providing electric utility 
service, to Ontario Hydro's examination of alternative costing 
and pricing methodologies. 


Since it is our understanding that any implementation of a mar- 
ginal costing system (if adopted) will take place in a future peri- 
od, the computations contained herein should only be consid- 
ered as illustrative of the methodology described in this report. 
The reason for this is that, during the course of the study, 
changes were made in forecasted loads and in planned capacity 
additions. Should Ontario Hydro implement a marginal costing 
system in a future time period, it will be necessary to reevaluate 
marginal costs. 


Why should marginal costs be considered? The economist tells 
us that, if our goal is economic efficiency, the prices for all 
goods and services should be equal to their respective marginal 
costs, and that marginal costs can generally be defined as the 
costs of resources used to produce an additional unit of some 
commodity or the value of resources that would be saved by 
producing one less unit of that commodity. The economist rea- 
sons that at a point in time the economy has a fixed amount of 
productive resources and the critical economic problem is to 
employ these scarce resources in the most efficient manner. 
Given this fixed bundle of resources, the decision to produce 
more of any particular commodity also is a decision to produce 
less of one or more other commodities. In the Canadian econo- 
my, the choice of what should be produced and what should not 
be produced generally is left to the voluntary decisions of indi- 
vidual consumers. Consumers make tnese decisions based on 
their own preferences and incomes, and are guided in their de- 
cisions by the prices of the various commodities that they can 
choose from. 


The demand for all commodities is to some extent responsive to 
price. If consumers are to make intelligent decisions regarding 
which commodities and how much of each to purchase, the 
prices that they face must reflect the resource cost of consum- 
ing one more or one less unit of the commodity; that is, prices 
should reflect marginal cost. When the prices observed by con- 
sumers reflect marginal cost, their consumption decisions will 
correctly reflect what it costs producing agents to provide more 
or less of each commodity. In this way the independent deci- 
sions of millions of consumers guide the economy's scarce re- 
sources into those sectors of production that yield greater satis- 
faction to consumers than all other alternatives. This means that 
total satisfaction will be maximized. 


For example, if the price for some commodity like electricity is 
set below its marginal cost, consumers will think it is cheaper to 
purchase an additional unit than it really costs society to pro- 
duce it. The consumer will then be led to expand his consump- 
tion to the point where the marginal value of an additional unit is 
set equal to its price. But since the price has been set below the 
marginal cost, the value of the last unit of consumption to the 
consumer is less than what it costs society to produce it. More 
resources are being devoted to the production of the commodity 
than is socially efficient. 


How does this economic concept relate to what is ‘fair’? Mar- 
ginal cost is not necessarily equal to historic average cost, and, 
from the consumers’ viewpoint, it may be hard for them to un- 
derstand why they are not being charged historic average cost. 
After all, everybody cannot be consuming the marginal unit of 
electricity. Are not some people consuming power that is pro- 


duced at other than marginal cost? To the economist, the notion 
of marginal cost is the cost of producing one more unit of a 
good. The textbook example has the economist calculating mar- 
ginal cost by taking the first derivative of the total cost curve for 
a quantity of output. This is the cost that will be faced if another 
unit is demanded and the cost that will be saved if a unit less is 
demanded. So, regardless of the average cost, a change in any 
consumer's decision to consume or not to consume will cost or 
save the producer the marginal cost. Fairness demands that the 
cost of somebody's decision be the price that he pays for that 
decision. 


Referring to the textbook definition of marginal costs brings up 
an interesting question. The marginal cost is pegged to a given 
level of output. What would happen if this level changed? Is the 
computation so volatile as to be useless in setting rates which 
we expect to have some stability? What would happen if, for ex- 
ample, a large natural gas field was discovered immediately out- 
side of Toronto and all of Ontario Hydro’s space-conditioning 
consumers converted to natural gas, causing a large excess of 
electric production capacity sufficient to last through the end of 
this century? Obviously, the marginal cost of electric production 
would be quite different than it is currently. Increased demand 
would not require additional capacity and marginal cost would 
plummet below historic average costs. However, this is not the 
case and we cannot make rational plans based on unrealistic 
assumptions. As the province of Ontario grows, more energy is 
going to be needed. The demand for electricity will grow and 
whether it grows at 1, 3 or 7 per cent a year, more facilities will 
have to be provided. Within such a range, Ontario Hydro’s cir- 
cumstances could drastically change the marginal cost of elec- 
tricity production within a very small period of time. 


How does this concept of the economist relate to the costs of 
electricity? Since the demand for electricity is periodic and since 
its supply is essentially nonstorable, the costs of supplying addi- 
tional consumption are variable. Normally, additional consump- 
tion taken at a time when capacity is fully, or almost fully, utilized 
requires that high energy cost peaking plants be run more ex- 
tensively. Additionally, because of capacity limitations, there 
may be a shortage, in which case some demands for consump- 
tion cannot be met. In the longer term, when plant capacity is 
variable, a permanent increment of load during peak hours may 
require the addition of capacity. 


During periods of time when demand Is low relative to available 
capacity, additional consumption can be met from existing plant 
by running baseload plants (which have relatively low running 
costs) more intensively and without any chance of causing 
shortages. In the long run, a sustained increase in off-peak con- 
sumption, to the extent that it is small enough so as not to affect 
reserve requirements, might lead us to change the mix of plants 
that we have on line, to take advantage of the generation econo- 
mies associated with a higher load factor, but not to increase 
the overall capacity of the system. Additional off-peak consump- 
tion in this case, even if sustained, does not result in additional 
capacity costs being imposed on the system. As a result, it gen- 
erally is conceded that marginal costs during peak periods gen- 
erally are considerably higher than during off-peak periods. 


We can think of on-peak and off-peak electricity as different 
commodities having different costs. When two commodities with 
different costs of production are identically priced, there is a 
tendency for too little to be consumed of the overpriced prod- 
uct, while too much is consumed of the underpriced product. 


In more explicit terms, air conditioning is a peak-period use for 
which (in general) average energy costs are charged even 
though the energy cost of supplying that use is greater than the 
average cost of energy; nighttime use also is being charged at 
the average cost of energy, even though the energy cost of sup- 
plying that use is less than the average cost of energy. Consum- 
ers have been receiving the wrong signals. They continue to de- 
mand increasing quantities of peak-period electricity for air 
conditioning because they are being charged less than the cost 
of providing that electricity. On some electric systems (in the 
United States), daily load factors have begun to deteriorate as 
average prices have risen. This is an indication that nighttime 
(off-peak) prices are too high and that the consumer is fore- 
going usage at that time. Thus, there is a common sense aspect 
to the economist’s theoretical notion of marginal cost pricing 
that does apply to the electric utility industry. (In the case of this 
particular example of the time-related use of electricity, it may 
be that nighttime off-peak costs are sufficiently low so as to en- 
courage the development of storage cooling.) 


The marginal cost of supplying electric service can be separated 
into three categories. The first, marginal customer cost, is the 
cost associated with building and having in place an electric 
system that provides area coverage and ‘“‘hook-up”’ for a popu- 
lation of minimum demand customers. In the case of Ontario 
Hydro's bulk power system, this cost in relation to the other 
costs is too minimal to measure. The second, marginal demand 
cost, is the cost associated with building and maintaining a sys- 
tem with sufficient capacity to meet incremental electrical de- 
mands. The third, marginal energy cost, is the cost of producing 
the power that is demanded. Each of these costs is computed in 
terms of current or ‘‘real’’ dollars and thus they do not reflect 
any general inflationary expectations. This is done in order that 
these costs might reflect today’s costs of providing electric serv- 
ice. In this way, the consumers, in their decision-making proc- 
esses, will be choosing between electricity and some other good 
or service on the basis of costs stated in current dollars. 


What are the characteristics of these costs? Turning first to ca- 
pacity- or demand-related costs, we find that they tend to be 
lumpy. Scale economies and construction lead times combined 
dictate the installation of large discrete lumps of capacity. These 
large lumps of capacity both relieve loads on older, less efficient 
units (in the case of generation), and allow room for additional 
growth on the system. Taking our lead from Boiteaux, ! 

we have treated these lumpy additions as though they were 
more flexible and could be had in very small increments of ca- 
pacity. To do so, we have derived unit costs of generation based 
on the unit cost of capacity. In the case of Ontario Hydro’s 
transmission system, we have utilized the future stream of trans- 
mission investments related to load to derive a unit capacity 
cost. Both of these unit costs are expressed in current dollars, 
and they represent today’s cost of adding a small increment of 
load to Ontario Hydro’s system. 


With respect to marginal energy costs, it is also necessary to ex- 
amine costs over a period of years. The appropriate measure of 
marginal energy costs is an average of marginal costs over the 
period examined. The reason is that system optimality cannot be 
thought of as a point occurrence as long as there is growth. 
Here, again, it is the combination of scale economies and con- 
struction lead times that makes it necessary to get at the appro- 
priate measure of marginal cost in a somewhat roundabout 
manner. Let us look at a simple example to illustrate the point. In 


a thermally dominated generation system, peaking units will be 
added first, followed by a baseload unit. During the construction 
of the baseload plant, the peaking units will be required to run a 
longer number of hours than indicated as being optimal by the 
economic trade-offs between these two types of plant. When the 
baseload unit comes on line, the peaking units will run less than 
the optimal number of hours. Over the period of a planning cy- 
cle, the peaking unit will, on average, operate the optimal num- 
ber of hours. 


The long-run marginal demand and energy costs of an electric 
utility vary with the time of consumption. The marginal cost of 
energy at a given time is the marginal fuel and variable operation 
and maintenance expense that will result from an increment in 
demand at that time. In other words, for each hour of the year 
the plants available for use are arranged in ascending order of 
operating costs: the generation plan is usually to add operating 
units in ascending order of running costs as demand increases; 
and, therefore, the marginal cost curve for each hour is the rela- 
tionship between kilowatt-hour demand and the running costs 
per kilowatt-hour. 


This marginal cost curve can be thought of as rising, with run- 
ning costs, until the point at which capacity is exceeded, where - 
the cost becomes the shortage cost and the curve rises very 
sharply. The shortage cost corresponds to the costs incurred by 
customers who would not be served in the event of demand ex- 
ceeding capacity. These costs could, in principle, be calculated 
directly. The French nationalized electricity industry does just 
that; it looks at its plan for load shedding and calculates the loss 
of value added for industries which it would shed in a situation 
of potential power failure. It then plans to add capacity to the 
point at which the cost of the last unit of capacity added equals 
the probable cost of a failure. Ontario Hydro, however, sets its 
capacity requirements (including reserves) with reference to a 
set of reliability criteria. We assume that, while set subjectively, 
these criteria adequately reflect the shortage costs or the costs 
of not having enough. This means that the system has been 
planned to equalize the cost of failure with the last unit of capac- 
ity; the shortage costs can then be determined, as it were, in re- 
verse, by reference to the capital cost of the last unit of capacity. 
This “last unit’ of capacity is the unit which the company cus- 
tomarily would use to meet the peak or the lowest cost unit 
available to it. We can think of the shortage cost as equal to the 
rental cost of capacity, which may be the annual capital per-ki- 
lowatt charges on a gas turbine; but in some cases it will be the 
manning and maintenance costs of an old unit. This will also be 
true for a utility adding baseload capacity. The reason is that the 
decision to add a kilowatt of baseload capacity is made after 
consideration of the fuel savings which can be made throughout 
the system. When a system is optimally adjusted to the load, the 
fuel savings attributable to a baseload plant will just equal the 
excess of baseload capital costs over those of the cheapest 
available plant economically suitable for that system. 


This shortage cost, or marginal capacity cost, cannot simply be 
charged to the peak hour. Rather, the cost must be assigned, in 
principle, to each hour based on the probability that load will ex- 
ceed capacity in that hour. We say this because the reliability 
criterion commonly used is the sum of the probabilities for each 


‘Marcel Boiteux and Paul Stasi, “The Determination of Costs of Expansion of an 
Interconnected System of Production and Distribution of Electricity,"’ Marginal 
Cost Pricing in Practice, J. Nelson, ed. (Englewood Cliffs, New Jersey: Prentice- 
Hall, Inc., 1964). 


hour that the load will not be met. Simply put, during some 
hours there is a greater risk that capacity will be exceeded than 
in others. Thus, it is logical, in principle, to assign a proportion of 
the responsibility for the cost of the “‘last unit’’ of capacity to 
each hour in proportion to the degree of risk that capacity will 

be exceeded. As will be seen later in this report, it is not neces- 


Sary as a practical matter to make this computation for every 
hour of the year. 


It is important to recognize that these marginal costs do not 
represent a form of prospective rate base or average incremen- 
tal costs, but reflect the time-differentiated marginal costs upon 
which consumption decisions should be based. These costs do 
represent the cost of reproducing the service provided at 
today's costs and under today's technologies, and are the costs 
that, in the long run (as defined by the economist, not the tem- 
poral long run), will be saved or incurred in the production and 
delivery of electric energy. Many people have incorrectly come 
to view marginal cost as the cost of growth. Economically 
speaking, this view is wrong because in the long run it will be 
necessary, even without peak-load growth, to replace old and 
unreliable facilities at current costs. Thus, in the long run, a de- 
cision to consume less electricity will reduce the costs incurred 
in that replacement. 


Il. SUMMARY OF RESULTS 


Before setting forth the numerical results of our analysis, we feel 
it necessary to give voice to two qualifying comments as to the 
interpretation and use of those numerical results. 


In the traditional, nontime-differentiated approach to costing for 
ratemaking purposes, there is a very clear separation between 
costing and ratemaking. Theoretically speaking, it is possible to 
maintain the same very clear separation between these two ele- 
ments when computing time-differentiated marginal costs. Prag- 
matically, however, it makes little sense to compute a cost for 
each hour of the year when one clearly would not attempt to 
price every hour of the year. Therefore, we have computed mar- 
ginal costs for groups of hours into which it makes both eco- 
nomic and ratemaking sense to divide the hours of the day, days 
of the week and seasons of the year. Based on our analysis, as 
well as on discussion with Ontario Hydro personnel, all weekday 
hours between 0700 hours and 2300 hours have been desig- 
nated as peak-period hours, with a distinction being made be- 
tween summer peak-period hours and winter peak-period hours. 
All other weekday hours, plus total weekend hours, have been 
designated as off-peak periods with no seasonal distinction. 
Shouid it become desirable to define the peak period more nar- 
rowly, some of the cost components must be recomputed. 


In the summary table which follows, we present our estimates of 
the marginal costs for each of the time periods delineated above 
based on the familiar engineering economics concepts of level- 
ized annual charges. 


Based On Levelized 


Annual Charge 
Margina Margina 


Capacity Energy 
Cost Cost 
(Dollars per (Cents 
Kw of Seasonal per Kw) 
Peak Demand) 
(1) (2) 
Peak Hours 
Winter $38.06 Lo We 
Summer S O63! ILE Se 
Off-Peak Hours 
Annual - ie2e 


We wish to point out that while this familiar concept does simu- 
late the regulatory concept, it does not necessarily simulate the 
carrying charge that would arise in a competitive marketplace. 
The economist’s concern in computing marginal costs for elec- 
tric utility service is that when consumers are faced with choices 
between electricity con- sumption and competing goods and 
services, they should make their decisions faced with costs hav- 
ing the same economic basis. To this end, the economist would 
devise a set of carrying charges that simulates those carrying 
Charges that would arise in the competitive marketplace. We be- 
lieve that the approach advocated by the economist produces 
the best estimate of Ontario Hydro’s time-differentiated marginal 
costs and is the one that should be utilized for ratemaking 


purposes. (A discussion of the economist's approach can be 
found in the body of this report.) 


A description of the rationale for and the choice of costing per!- 
ods, and a description of the methodology used to derive the 
various components of marginal cost follow. The appended 
schedules show, in greater detail, the computations behind 
these costs. 


In view of the recent spate of articles in the US trade press, as 
well as the speeches and comments of a number of economists 
addressing (usually) that which NERA was doing some time 
ago, a word is in order as to how the NERA methodology has 
evolved over the past five years or so. 


In the late 1960s with technological progress still reducing gen- 
erating costs, with economies of scale still indisputably present 
and with inflation at a very low rate, average costs of electricity 
were considerably higher than marginal costs. This was particu- 
larly true with respect to off-peak usage. There was, therefore, 
clear justification for pricing such usage at less than average 
costs; but commissions were reluctant to approve such rates 
lest they be exposed to the charge of fostering discriminatory 
practices. It was to allay this concern that certain utility compa- 
nies sought to present the economic cost justification for these 
load-factor improving rates, relying on the very same costing 
theory we advance here, i.e., that marginal cost is the proper 
test as the rates’ propriety. It was in these early proceedings that 
the first versions of long-run incremental costs, soon dubbed 
LRIC, were introduced. This was defined as: 


All costs associated with the adaition of a given quantum of 
service... The concept refers to the long run; any costs which 
may be added as a result of adding or expanding a service, 
including those costs which will not immediately be incurred, 
are included in the total incremental cost of a service offering. 
In other words, these (total incremental) costs are long run in 
the sense that they include the addition to total costs when 
the company has fully adjusted its operations and facilities to 
the most efficient means of meeting the increased total de- 
mand. 


At that time electric sales were growing rapidly and the prime 
consideration was the cost of taking on new load. Costs were 
computed in the form of annual kilowatt charges for meeting the 
new demand at the time of the system peak, the compatible en- 
ergy costs and the related customer costs. No attempt was 
made to allocate these annual costs between the different peri- 
ods of the year, though rudimentary support for summer /winter 
differentials was developed. 


This methodology developed from rate case to rate case as 
computation improvements suggested themselves. For in- 
stance, it was recognized that nuclear plants with their much 
higher first costs were being introduced to affect energy cost 
savings as well as to meet new load requirements, and allow- 
ances were made for this effect. Refinements were introduced 
as to the methodology for separating distribution costs which 
vary with demand from those costs which were strictly related to 
customer coverage. Developments such as these culminated in 
the cost presentation in 1973, before the Wisconsin Public Sery- 
ice Commission in the Madison Gas and Electric case of that 
year. 


That particular period of late 1973/early 1974 marked a turning 
point in the energy world, with the combination of a three-to- 
four fold increase in energy costs and 1974's very severe 


inflation causing capacity (and energy) costs to surge to new 
heights. The need for rate relief became urgent; but customer 
resistance noncomitantly reached a new high. Environmental 
groups reacted to the circumstances and were actively inter- 
ested in the ratemaking process. ‘‘Time-of-day,”’ ‘‘peak-load”’ 
pricing was prescribed as the solution, purportedly to moderate 
the increased need for generating capacity and to curb the al- 
leged wasteful use of electricity. 


To respond to this challenge, many utility companies engaged in 
the Study of the proper costing techniques needed to support 
time-of-usage pricing. It is as a result of this area of study that 
the methodology used in this report was evolved. It has been 
offered in a number of jurisdictions, in the years 1975-1976, as 
the appropriate standard for marginal cost ratemaking. 


In terms of overall annual costs, the two methods (LRIC and 
time-differentiated marginal costs) produced generally the same 
results, but the individual cost components do vary. Thus, the 
advanced methodology more systematically applies a part of the 
capacity cost to the load being served outside of the normal 
peak months, though this was always recognized as necessary 
to some degree. Also, a more systematic method was developed 
for including in the energy cost element the recognition that a 
substantial part of the capital cost is incurred for the purpose of 
saving energy cost and not merely to meet peak loads. The gen- 
eral effect of these changes has been (paradoxically) to place a 
somewhat lower emphasis on the demand (capacity) cost ele- 
ment, and on the costs at the particular time of the system peak, 
correspondingly somewhat greater emphasis on the energy cost 
element, and on service during the off-peak monihs. A compari- 
son of the methodologies is summarized in the following table: 


These costing methods have been evolving for some eight years 
now. It is not claimed that the final improvements have been 
made, since people are always trying to find a better way to 
“skin the cat.’’ We are satisfied, however, that the methodology 
we are using is soundly conceived, well-tested under real-world 
conditions, and now an appropriate one to assign the marginal 
costs of providing service to the different seasons of the year 
and times of day. 


A QUICK GUIDE TO LRIC AND TIME-DIFFERENTIATED 
MARGINAL COSTING 


Costing 


Capital cost of 
generation 


Annualization 
(Carrying 
charges) 


Fuel costs 


Distribution and 
transmission 


Customer costs 


Capacity. respon= 
sibility 


LREIC 


Mean expected plant 
cost per Kw over 
planning horizon. 
Current dollars. 


Levelized at cur- 
rent rates of 
interest,.including 
taxes. 


Average fuel cost, 
Current prices. 


Time-Differentiated 
Marginal Costs 


Least capital intensive 
plant used on system, 
usually a peaker. 
Current dollars. 


Annual charge reduced 
by (approximately) 
raAcesOr ii Laclon, 
includes taxes. 


Marginal fuel cost 
(always > average). 
Current prices. 


Mean per-Kw cost of recently installed 


capacity. 
(Judgmental) 


Some measure of 
peak responsibility 


Minimal system 


Loss-of-load proba- 


alae: 


ill, SELECTION OF COSTING PERIODS 


When we examine the way in which most electric utility systems 
plan for the generation of electricity, it is evident that it is not 
only the one peak hour that is responsible for capacity addi- 
tions; the need for capacity depends on the probable available 
Capacity and the probable demand in each hour. Formal com- 
putations of the probability that load will exceed Capacity are 
generally referred to as the loss-of-load probabilities (LOLP). 
The LOLPs so calculated are summed and compared to the sys- 
tem reliability criterion. This criterion represents the acceptable 
level of risk of failure to supply the load demanded. 


In the light of this planning criterion, we will consider peak re- 
sponsibility to be a graduated responsibility and assign the mar- 
ginal cost of capacity (in principle) to each hour in proportion to 
Its LOLP. (The rationale for the use of the LOLP measure in as- 
Signing marginal capacity costs to the costing periods is dis- 
cussed in Appendix 2.) Thus, carried to the extreme, asa purely 
theoretical matter, each of the 8,760 hours in a year could be 
costed separately and could be considered to be a pricing peri- 
od. Clearly, this would be administratively impractical and also 
incomprehensible to the vast majority of consumers to whom 
price signals should be given. Pragmatically, hours of similar 
costs should be grouped in a manner that makes sense and is 
easily understood by consumers. 


While it is of paramount importance that the consumer be in- 
formed of the cost of the decision to consume at any given time 
(hence the move towards time-differentiated marginal cost pric- 
ing), a balance must be struck between a precise delineation of 
time-differentiated costs that would leave the consumer totally 
bewildered and a gross averaging of marginal cost prices over 
time that would defeat the purpose of using marginal cost price 
signals. In other words, one faces a cost-benefit trade-off be- 
tween consumer confusion and economic efficiency. 


In the course of evaluating this trade-off, consideration must 
also be given to the fact that very little is known about peak-pe- 
riod price elasticities. If such elasticities were known, one could 
predict shifts in the patterns of electricity consumption and 
compute the time-differentiated marginal costs associated with 
the new patterns of use. This is an iterative process that seeks 
an equilibrium between the cost a consumer is willing to pay to 
consume at any time and the cost of supplying electricity at that 
time. 


However, since measurements of peak-period elasticities are 
not currently available, the iterative process described above 
cannot at this time be performed. We, therefore, have taken a 
“cold feet’ approach and have defined the diurnal peak period 
in a relatively broad manner in order to avoid the risk of “'peak- 
chasing” ! 

until more is known about peak-period elasticities. In this way, 
movement towards the use of marginal costs as rates can begin 
without precise knowledge of peak-period elasticities and with a 
very low probability that any first steps will have to be reversed. 


Ontario Hydro supplied loss-of-load probabilities by month for 
the period 1976-1985. Schedule I-41 shows for each month of 
this period the average loss-of-load probability. As the EOE 
calculation is very sensitive to factors such as the maintenance 
schedule, which can be accurately predicted on a seasonal or 
annual basis but is extremely difficult to pinpoint ona monthly 
basis, it is necessary to combine months of similar LOLP values 
into seasons in a fashion that comports with monthly load pat- 
terns and traditional factors such as the demand for electric 
heat or space conditioning. The LOLPs computed by Ontario 


Hydro led us to conclude that there were two appropriate cost- 
ing seasons, winter (October-March) and summer (April-Sep- 
tember). The LOLPs did not justify the selection of more than 
two seasons. 


Seasonal differences are, however, only one aspect of time-di- 
fferentiated costs. It is generally accepted that as load falls line- 
arly, LOLP decreases roughly exponentially. The risk that a sys- 
tem that is able to meet its daily peak will have a capacity 
shortfall at night when load falls below 85 per cent of daily peak 
is minimal. Calculations done at NERA’s request show that 
nighttime LOLPs are about 1/10 to 1/100 that of daytime 
LOLPs. On the basis of cost differentials from demand at day 
and night, we have concluded that night or off-peak hours 
should constitute a separate costing period and that no capacity 
costs should be assigned to these hours. 


A statistical analysis of Ontario Hydro’s daily load patterns dur- 
ing each of the seasonal periods chosen indicated the existence 
of a broad plateau between the hours 0700 and 2300. * During 
the winter season there is a three-to-four-hour period when 
loads are some 10 per cent above this plateau and during the 
summer season loads are fairly flat. 


We concluded that a peak period beginning at 0700 hours and 
ending at 2300 hours would meet the criterion of grouping 
hours of similar cost together and yet be broad enough not to 
create a substantial risk of creating a new peak and changing 
the costing picture. Loads during these hours are sufficiently 
high in comparison to daily peak loads that choosing a narrower 
period as the peak could result in the creation of a higher peak 
and a disruption of operating conditions on the electric system. 


In addition, these hours are considered peak hours by Ontario 
Hydro operating personnel, and as a general matter the peaking 
hydraulic production facilities and more expensive thermal prod- 
uction facilities are operated only during these hours. Thus, the 
daily costing period selected groups hours of similar cost to- 
gether for both marginal energy and marginal demand costs. 


1"Peak-chasing’’ can occur if the cost of consumption during a narrowly defined 
peak period is very much higher than the cost of consumption during the 
immediately adjacent time period. The reason is that it is relatively easier to shift a 
particular consumption by, say, one hour than it is to shift that consumption by six 
hours. 

2Technically, the summer plateau could be said to end at 2200 hours. However, it 
was felt that a uniform daily peak-time period was more desirable for ratemaking 
purposes. 


SCHEDULE ITI-1 


ONTARIO HYDRO 
CALCULATION OF RELATIVE MEAN VALUE OF LOSS—OF—LOAD 
PROBABILITIES By COSTING PERIOD 


Mean LOLP Mean LOLP Relative 
in + Value of 
Costing Period LOLP? Period X Mean LOLP LOLP 


~— (Days, per svear)—-= 
(1) (2) (3) (4) 


Winter 
October 1.401 
November 3.690 
December 3.382 
January 0.849 
February 2.487 
March es Of 
12-985 2.164 0.872 0.87 
Base Running 
April 0.459 
May OFneS 
June 0.338 
July O.227 
August 0.274 
September 0.503 
1.914 0.319 0.128 O5i3 


ITen-year (1976-1985) average of Ontario 
Hydro loss-of—load probabilities. 


Source: Based on data supplied by Ontario Hydro. 


IV. CAPACITY-RELATED COSTS 


A. MARGINAL COST OF GENERATING CAPACITY 


An electric utility must construct sufficient generating capacity 
to meet its peak demand. Traditionally, the capital cost of this 
generating capacity, which includes a mix of baseload, interme- 
diate and peaking plants, has been considered a fixed cost cau- 
Sally related to system peak demand. Yet, it is clear that the sys- 
tem Is not constructed to serve only the peak. In fact, the 
generation mix and the resulting capital costs of a system con- 
Structed to serve only the peak would be quite different from a 


system constructed to serve load patterns that utilities com- 
monly face. 


The determination of the marginal cost of generating capacity 
requires an understanding of the planning process. Simply put, 
the planner attempts to meet the loads depicted by the load du- 
ration curve by choosing, from all plans capable of supplying 
the anticipated loads, the least possible cost plan. The least pos- 
sible cost plan is the plan that yields the lowest present worth of 
all costs to be incurred over the life of the equipment to be used 
in carrying out the plan. To accomplish this, the planner must 
pick and choose from an array of possible plants which vary in 
initial cost, expected life and running costs per kilowatt-hour. 


How does the planner choose the best plan? He does so by 
means of a series of economic trade-offs between the operating 
and capital cost characteristics of the available kinds of capacity 
and the requirements of the load duration curve. 


For each possible plant, there is a series of total costs per kilo- 
watt which rises according to the number of hours the plant is 
used. As the number of hours of use increases, there comes a 
point at which additional operation of this machine will result in a 
higher total cost than if some other machine were to be used. 
Let us consider that there are three kinds of equipment avail- 
able: 


1. Peaking units having low capital costs and high running 
costs; 


2. Cycling units having medium capital costs and medium run- 
ning costs; and 


3. Baseload units having high capital costs and low running 
costs. 


The planner attempts to ‘‘fill” the area under the load duration 
curve in the following notional way in order to minimize total 
cost: 


1. Select an amount of baseload capacity such that the mini- 
mum number of hours any unit of baseload capacity runs is 
the number of hours at which the total cost of a unit of base- 
load capacity is less than or equal to that of a cycling unit. 


2. Use an amount of cycling capacity defined in a similar man- 
ner. 

3. Fill the remaining area with peaking units. Additionally, if the 
planner was asked how he would meet an additional incre- 
ment of load at the peak, his answer would always be to use 
a peaking unit (or some equivalent low capital cost alterna- 
tive). 

This is clearly inconsistent with the more traditional view that the 
cost of capacity at the peak is the average cost of all capacity 
required to meet the peak. However, there is pragmatic evi- 
dence that this view is wrong. The British CEGB found that 
when it charged average capacity costs at peak, its Area Boards 
found it economical to putin peaking capacity at a much lower | 
capital cost. Recently, the same issue has arisen in North Caroli- 


na. Municipal systems are proposing to purchase combustion 
turbines to avoid per-kilowatt charges developed by ‘averaging 
in’ the much higher costs of baseload plants. Clearly, average 
capacity costs are higher than the real cost of meeting the peak. 


It is necessary to determine the time-differentiated marginal 
costs that increments in demand actually impose upon the sys- 
tem. This can best be accomplished by turning to the load dura- 
tion curve and asking what increase in costs would result from 
an increment in demand at any time. Clearly, in the short run, 
before capacity can be adjusted, the marginal cost is the cost of 
energy for the hours served plus the shortage cost (see Section 
II) for the hours not served. In the long run, after capacity has 
been adjusted, the marginal cost is the cost of energy plus the 
cost of capacity at peak. In an optimal system, the long-run 
costs equal the short-run costs; in fact, the following are all 
equal on an annual basis: 


1. The cost of a peaker; 
2. The long-run marginal cost of system peak demand; and 


3. The short-run marginal cost of system peak demand (short- 
age cost). 


In any real system, there are likely to be temporary mismatches, 
if only because of the discontinuous nature of plant adjustment. 
After a new plant addition, the short-run costs will probably be 
lower than the long-run costs: the running costs will be lower 
because of the new efficient capacity, and the probability of out- 
age (and hence probable shortage costs) will be low. As the de- 
mand grows, the costs approach and exceed their long-run lev- 
el, triggering more capacity additions. Rather than follow the 
short-run costs in their oscillations around an equilibrium level, 
for tariff-making purposes we can imagine a plant continuously 
adapted to demand in which the long-run marginal cost of ca- 
pacity is also the appropriate short-run cost of curtailment. 


In general, the marginal cost of capacity will be the cost of a 
peaking plant. Exceptions will occur in cases where the load 
characteristics are such that peaking plant would never be used 
to meet the peak, even in long-run equilibrium, as, for example, 
in a company with a high annual load factor. In this case, the 
plant with the next lowest capital cost should be used as the 
marginal cost of capacity. Running costs at the peak will be 
commensurately lower. Also, the cost will be charged over a 
larger number of hours since the high load factor will cause 
many more hours to have a significant LOLP. A utility with a very 
high load factor may therefore show little variation in hourly 
costs. 


Problems arise with this approach only if there is a chronic im- 
balance in the system. In cases of permanent overcapacity, the 
correct approach is to adopt the short-run costs of providing 
service, in order to make the best possible use of existing ca- 
pacity without burdening current users with capital costs of 
equipment they neither want nor need. 


An examination of Ontario Hydro’s annual load duration curve 
vis-a-vis the costs of plants presently available io the planner 
shows that combustion turbines would be the least cost method 
of meeting the top 15 to 20 per cent of the load. The flexibility 
attained by Ontario Hydro’s hydraulic production facilities has 
put off (temporally) the need for combustion turbihes. Yet, pro- 
spectively, Ontario Hydro generation additions are all thermal. 
Increments in expected demand that are of short duration and 
cause the planner to add generating capacity would be met by 
the use of a combustion turbine. From an economic point of 


view, the marginal cost of an increment in demand for Ontario 
Hydro is the capital cost of a combustion turbine. In 1975 dol- 
lars, this cost based on data supplied by Ontario Hydro is $155 
per kilowatt. For use in the marginal cost study, we have ad- 
justed this figure to $186 per kilowatt to account for a reserve 
margin of 20 per cent, which is the lowest practical reserve that 
we understand Ontario Hydro would wish to maintain. 


B. MARGINAL TRANSMISSION INVESTMENT 


The analysis of marginal transmission investment seeks to ex- 
press the unit marginal cost in transmission facilities resulting 
from an increment or decrement in load. To this end, we ask: 
What are the causative factors of investment in transmission fa- 
cilities? What system characteristics are responsible for an in- 
crease or decrease in the amount of transmission investment? 


The chief aim of the transmission planner is to ensure that an 
adequate amount of power can be delivered to all points on the 
system at all times. To this end, the planner designs a system 
capable of serving the worst possible case, that is, transporting 
the peak load under outage conditions. 


Thus, the capacity of the transmission network is determined by 
the peak load on the system and outage contingency employed 
in evaluating transmission system reliability. Assuming that the 
cost of reliability properly reflects a trade-off with the cost of out- 
age and will remain constant relative to total transmission invest- 
ment, the capacity of the transmission network will vary with the 
expected size of the peak demand. The proper marginal unit 
cost for transmission investment, therefore, is a cost per kilowatt 
of system peak demand. 


High voltage transmission facilities consist of large expensive 
components. A utility does not build transmission facilities to a 
specified peak level and then add small additions as load grows 
to enlarge the system's capability. Instead, the planner, working 
from a set of forecast peak loads, will design the system that will, 
over time, yield the least total cost. The planner accomplishes 
this by choosing the number of corridors, the size of corridors 
and the transmission voltage level that most economically trans- 
ports the loads he expects to face. As voltage levels increase, 
the costs of corridors, towers and conductors all rise. With cer- 
tain load densities, economies of scale may result from higher 
voltage transmission. The marginal cost per kilowatt of transmis- 
sion investment is, therefore, not necessarily a linear function. 


We can see from the foregoing that, as stated earlier in this re- 
port, transmission investment tends to be lumpy. In order to 
treat these lumpy additions as though they were more flexible 
and could be had in very small increments, it is necessary to 
look at them over time in order to develop the marginal unit 
costs of capacity. The unit marginal cost we seek may be 
thought of as the unit cost of putting in place - all at once - the 
transmission capacity necessary to serve the aggregate system 
peak. Thus, in what follows, we are not attempting to cost 
growth. 


The methodology used to derive the marginal cost of investment 
in transmission facilities is to ask the planner, given a peak-load 
forecast, how he would design the transmission network. The in- 
vestment from this plan would take into account the different ca- 
pacities and costs of transmission at various voltage levels. The 
unit marginal cost level is then determined by dividing incremen- 
tal investment by additions to peak demand. 


To ensure that the resulting cost represents the long-run level of 
marginal transmission investment, it is necessary to determine 
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whether the additions to transmission plant during a period 
properly reflect the load added during that period. It is possible 
that transmission plant is being built for future loads or that plant 
built in the past was designed to serve incremental loads. In ei- 
ther of these cases, it is necessary to align correctly additions to 
transmission plant with additions to peak load. 


Initially, ttansmission investment for Ontario Hydro was analyzed 
for retrospective and prospective periods. However, due to 
problems with plant account data, which leave large invest- 
ments in an interim capital account instead of clearing them to 
functional subaccounts, and the lack of an accurate construc- 
tion cost index to convert past investment to today’s dollars, 
only the prospective period has been used to determine the 
long-run level of marginal transmission investment. Schedule IV- 
B-1 shows this computation. Ontario Hydro’s budgeted trans- 
mission figures for 1975-1980 were converted to 1975 dollars 
and divided by additions to system peak for 1975-1980 to arrive 
at a marginal cost of investment in transmission facilities of $168 
per kilowatt of system peak demand. Ontario Hydro personnel 
have indicated that expenditures during this period properly 
reflect facilities which will serve load added during the period. 


It should be noted here that we would have preferred to be able 
to analyze transmission investment both retrospectively and pro- 
spectively so as to be able to derive mathematically a function 
expressing the relationship between transmission plant invest- 
ments and demands. We are confident that our inability to do 
so, however, does not constitute a fatal flaw in the analysis. We 
say this because it is our understanding that, during the period 
studied, the Hydro’s planned additions to transmission plant will 
follow the same patterns as those of the recent path and there- 
fore represent an extension of any mathematical function that 
might have been derived had the data been available. 


C. TRANSMISSION O&M EXPENSES 


Transmission O&M expenses are related to the amount of plant 
in existence. Therefore, the addition of plant to meet additional 
peak demands will give rise to additional operation and mainte- 
nance expense in proportion to the amount of plant added. In 
this sense, transmission O&M expenses are truly marginal costs. 


Ontario Hydro has supplied forecasts for the 1976-1980 period 
of transmission O&M expenses for stations and lines. These ex- 
penses have been converted to 1975 dollars and unitized on the 
basis of forecast system peak demands. The unit expenses 
show a downward trend. We have reasoned that if rate stability 
is desirable - given no unanticipated changes in cost, load pat- 
terns or technology - a single estimate of these costs should be 
used in setting those rates. The 1978 level of expenses repre- 
sents the midpoint of the period examined, and we have chosen 
the unit expense in that year as being the best estimate of these 
expenses for use in setting rates during the 1976-1980 period. 
This was a judgemental choice. 


D. COMPUTATION OF ANNUAL CARRYING CHARGE 


After developing the long-run marginal unit investments, it is 
necessary to determine how these investments should be con- 
verted into a marginal carrying charge for use in ratemaking. 
There are two approaches to the computation of annual carry- 
ing charges: the first is that traditionally utilized by engineers in 
evaluating alternative investments and the second is that used 
by the economist in simulating the effects of the competitive 
marketplace. In times of slight inflation and/or slight technical 
progress, the first method works well. However, the presence of 


SCHEDULE IV-B-1 


‘orpky ofaequo Aq paytddns ejep uo paseg 


s90InO0S 


*waysXs uoysstwsuez, raMod yTNq 03 pazeTar You JuswysaAuy uoz}eR3Ss Sapntoxg, 


pTs’L 


IT GL TLE‘ TS 


'p9’S86T 
60S‘6£2 
Ove‘ zSp 
G76‘E6T 
OTO’8zT 
68€’00T 


(L) 


A se ee ee ee we ee ee we ee we eee 


TEIOL 


pueueag yeagqg weysks Jo RReMOTTY 
poppy zed juewyseAur Teuypbiaew 


(AW) O86T-SL6T PueUed 
xB8q waqyshs OF SUOTITPPY 


TOT‘ELSS 6P9'LEZS L09’T9$ epy’oecs Lyp‘o6ts 699‘6S 
TS6/ LOT 609‘’ZE 68S‘S POP‘ LZ 66L‘ 2 962 
6£8'0S BPS‘ LP 7Se'9 or Saas ag Sb GS8‘'72 Gye 
SES Goic 61TS‘PS €SS‘TT LeS’9L ZES‘SH MEO: 
GOp‘96 6ou. Le Sces0t por‘ tt 998‘SE €0L‘Z 
TST’ 9P 986'9Z 886‘2T LSS‘E€ z0S‘9E 96L‘T 
8rr‘6 $ 8SL‘8r $ Tos’pTts B6E $ €06‘b2 $ T80‘z$ 
(9) (Ss) (p) (€) (Z) (T) 
--(S3e8TTOd S/i6y puesnoy) --------------- ee 
AHG Ax Ad AHG , Ax Ax 
Enel fe se eG) ox Svlt OF Zesnd-yd be Ojos Saenbol spacce shee 30 ie es See 
Sout] SUOT}e4S 


B9OTAAeS UT 4UPTd OTAOETY OF SUOTITPpPY SSO1ID 


GNVYWAd AYVAd WALSAS JO LLVMOTIA Gadaqv wd 
SHILITIOVA NOISSIWSNVUL NI LNAWLSAANI ‘IVNIOSUVAN JO NOILWAITYad 
OUGAH OLUVLNO 


TeIOL 


C86T 
6L6T 
8L6T 
ECOL 
SL6T 


SLOT 


(6) 


TPS 


13 


SCHEDULE IV-C-1l 


0z*1$ 


Nile 


Ree 


02°T 


67°T 


be*Ts 


(6) 
(8) +(L) 


(8IPTTOd S/L6T) 
pueuog yeag 


wajsks jo ay 
aod asuadxg 


a4) Has 4 


9LE‘02 


8L0‘6T 


S09°LT 


807’9T 


(8) 


(4W) 
puewog 
xead 
wa qsds 


*oiapAy Of 2eR3uQ Aq paytddns ejeqg 


t(g) pue (») “({) suuntoo 


OOT=SL6T @ OF pazIaAUOD 332M YOT@PLET JO aseq e UO Jaexopuy ay, 
© G% puke aogeT 3103 Auadizad ¢y paqybyam a2aM sauyT UOT ING}IASTpP puke ucyssyusueIy IO0Z 


pue suozje Is 310J OApAH OFIeIUO Aq pa;Tddns saxapuy souruejutew puke uoTQeIedo OfFI{OSTY 


ATNQ OF pazeTer You sasuedxe ‘’orpky oFejzuQ Aq padotasep oF ze e UO paseg 


se90INn0S 


*aseq 
*S[TeTII_ZeW IOJ Quaorzad 


*sySATVUe BYQ WOIJ PapnTOxa 919M UOo;SsfusueIy JaMod 


"uoTINgyI3STp 


pue uofsszusuerz JaMod yTNq OF pazeTeir sasuadxa papnTouy sasuadxa Wx UOT}eIsS 4829910, 


6PT' be 


PLS‘EZ 


Ge€e’zz 


£99'22 


989’Tz$ 


(L) 
(9)+(€) 
(S1e8TTOd SléT 
puesnoys) 
sauyT pue 
BUOTIERS 103 
speay139A9 buy 
-pn{Toul asuodxg 
aouruaquTeW pue 
uoyqezodo TeIOL 


0Ssb’s 


6768 


o0e’s 


6878 


Z€0‘8S 


(9) 
0oTx [(S)+(¥)] 


(SABTTOR SL6T 
puesnous) 


S2UuTI IOJ 
speays1aAC buy 
=pn{[oOUu] asuadxg 
aoueuda UTE 
pue uoys je1adg 


ooT OzS‘ET 
Lot 2 2 a ad 
vET Coke Gl 
Oct Ly6‘6 
60T SSL’BS 
(S) (y) 
(saeT {oq 
(O0T=SL6T) puesnouL) 
, S9UFT 10Z s9uyy IOJ 
xepul speoayraAQ but 
aoueua3 -—pn{ouy osuadxg 
-uTeW pue aouruaqUTeW 
uoyjeredo pue uoyje1ad9 
OF 120eT" 
086T - 9L6T 


669‘ST 


Sb2‘ST 


SES‘PT 


86E' PT 


9S9‘EeTs 


(€) 
oot [(z) + (T)] 
(8TPTTON SL6T 
puesnoyys) 


BUOTIeIS I0j 
speaytaaQ buy 
-pn[ou] ssuedxg 
voueusquTeW 
pue uoyje29d0 


GNVWA0 AYvWdd WHLSAS JO MY UId ASNAdXA NOISSIWSNVUL 
OUGAH OLUVINO 


cot 


8bT 


9€T 


tT 


OTT 


(2) 


(OOT=SL6T) 
, 2U0FIeRS 
4IOJ xepur 
agoueudy 
-uyen pue 
uoyjejzsedo 
Oy139eTW 


Apnjs uy pesa 


tEr'Sz 


79S'2%2 


LOL‘ 6T 


99S‘LT 


610’STS$ 


(tT) 


(SreT TO 
puesnoy,) 

, SUOTZEIS OJ 
speeayi9AQ buT 
-pnToul asuadxg 
voueUdazUTeW 
pue uoz eI1ad0 


086T 


6L6T 


BL6T 


CL6T 


9L6T 


Teax 


14 


either significant inflation and/or significant technical progress 
Causes that method to yield a poor approximation of the mar- 
ginal economic cost of having a machine for a year. It is for this 
reason that we recommend the use of the economist’s ap- 
proach to an annual carrying charge even though we have not 
utilized that approach in this report. 


1. The Engineer’s Approach 


Engineering economists for utilities have long sought to evaluate 
potential investments based on the relative present value of all 
revenue requirements arising from these investments. In their 
calculations, they predict service lives and the dispersion pat- 
tern of retirements, and simulate the full set of accounting 
charges incurred by plant over its useful life. 


In developing annual carrying charges, we have, in the past, 
found it useful to draw upon this approach. As no one suggests 
that customers should be assessed the full marginal cost of the 
investments required to provide the service that they demand at 
the time the investment is made, the marginal cost to the com- 
pany over time is the set of charges that will result from the in- 
vestment. These charges consist of depreciation and the cost of 
capital. 


In making this type of computation, it is necessary to account for 
the fact that different types of plant have different physical and 
economic characteristics. This is reflected in different service 
lives and the expected dispersion pattern of retirements. The an- 
nual cash flow requirements calculated on a year-by-year basis 
will be higher in earlier years when the plant is at full value. Ac- 
tually, the marginal costs arising from an investment will change 
from year to year. However, for illustrative purposes, we have 
computed a levelized annual carrying charge. 


The levelized annual carrying charge has been developed based 
upon the present worth of the series of all revenue requirements 
arising from an investment and the present worth of the mean 
annual surviving investment over the life of the plant. While the 
calculation of the carrying charge is based upon a plant that is 
physically declining according to the dispersion pattern of retire- 
ments, the utility must maintain the plant at full value if it is to 
continue to provide service. To account for this concept of a 
“continuing plant,” the carrying charge is applied annually to 
the cost of the original placement, yielding an annualized cost 
that will enable the utility to recover the depreciation and return 
associated with the original placement and the replacement of 
retirements. 


Levelized annual carrying charges were computed separately 
for CTUs and transmission investment. The survivor curve used 
for transmission investment reflects a weighted average of the 
expected dispersion pattern of retirements of investment in this 
function and an average service life of 43.5 years. For combus- 
tion turbines, an average service life of 30 years is used. Infor- 
mation used to develop these factors was supplied by Ontario 
Hydro. Based upon NERA's experience, an lowa SQ survivor 
curve was used for CTU investment. 


The revenue requirements in each year were the sum of straight 
line book depreciation and return on mean net investment. On- 
tario Hydro’s forecast overall cost of capital of 10 per cent was 
used as the return on mean net investment. Mean net invest- 
ment was calculated as mean annual survivors less the reserve 
for depreciation. The discount factor used to determine the _ 
present worth of revenue requirements and mean annual surviv- 
ing investment was the overall cost of capital of 10 per cent. The 


levelized annual carrying charges are the present worth of the 
revenue requirements divided by the present worth of the surviv- 
ing investment. They are, for each category as follows: 


Levelized Annual 


Carrying Charge 
CTU 10.61% 


Transmission NOG ROA 
Schedule |V-D-1, Tables A and B show the detailed computa- 
tions for each category. 


2. The Economist’s Approach 


The economic cost of having a machine for a year is best meas- 
ured by the annual rent that the businessman would charge in 
the competitive marketplace. This rentai cost would consist of 
two components, a fair return on the value of the machine and 
any change in value of the machine over the year. 


Assuming that a piece of equipment lasts for 30 years and re- 
tains full capability over its life, what is the change in the value of 
this equipment over a year in its life? Before answering, further 
assume that maintenance costs do not increase with age. Why, 
then, should the equipment change in value from year to year? It 
changes in value because the point at which it has to be re- 
placed is approaching. The change in value in any year, there- 
fore, is the difference between what the plant is worth at the be- 
ginning of the year and what it is worth at the end, given that the 
only factor affecting the value of the plant is that replacement 
must take place earlier for the older plant. 


This annual change in value as a plant moves closer to the date 
at which it must be replaced is called ‘economic depreciation”. 
lf technical progress is expected, this charge will reflect the fact 
that by making the investment today, a certain price reduction is 
foregone. By parallel reasoning, if inflation is expected, the 
“economic depreciation” charge will reflect the fact that by 
making the investment today, a price increase is forgone. 


A fair return on the value of the investment is the cost of capital 
times the value of the net investment. The net investment is the 
original investment less the change in value (‘economic 
depreciation’). 

When there is no expected inflation or technical progress, the 
cash flows resulting from using economic depreciation and the 
return on the net value of the investment will be identical to the 
cash flows obtained from the application of a levelized annual 
carrying charge. When technical progress outweighs inflation, 
the cash flows based on the use of ‘economic depreciation” 
will be higher in the earlier years and lower in the later years of 
the project's life than the levelized revenue requirement. In the 
face of inflation, the cash flows resulting from the use of 
“economic depreciation’’ will be lower in the early years of an 
investment and higher in the later years. In all cases, the sum of 
the present value of the revenue requirements will equal the 
present value of the investment. 


if there is an expectation of inflation net of technical progress, 
the stream of required revenues will rise over time at this rate of 
inflation. This simulates the pattern of payments that would oc- 
cur in a competitive marketplace, where investors will seek a re- 
turn on the value of their investment and will recognize any real 
change in value resulting from an increase in the price of the in- 
vestment in evaluating the investment and in determining the 
rental price they they can expect. 
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We have calculated annual charges which are based on this 
simulation of the competitive marketplace. A brief description of 


ne methodology used to calculate these annual charges fol- 
ows. 


In analyzing electric utility investment, it is necessary to account 
for the fact that different types of plant have different physical 
and economic characteristics. These characteristics, service life 


aes dispersion pattern, are discussed earlier in the 
Study, 


The fact that retirements are dispersed around the average life 
reflects the fact that the plant is not at full output over its in-serv- 
ice period. In calculating an economic series of carrying 
charges, this fact has been corrected for by considering the re- 
placement of retirements as maintenance cost. The cost of re- 
placing the retirements in inflated dollars has been discounted 
to the time of the original investment, and the carrying charge 
relative to an original investment of $1,000 has been calculated 
on the value of the original $1,000 investment and the present 
value of the inflated cost of the replacement of retirements over 
the full service life of the investment. 


The rate of inflation (net of technical progress) has been taken 
as 4 per cent. Examining economic depreciation in the face of 
inflation, it can be seen that in the early years of an investment, 
equipment experiences negative depreciation, an appreciation 
in value. The annual revenue requirement has been calculated 
as the sum of depreciation and overall return on net investment. 
Net investment is calculated as gross investment less the depre- 
ciation reserve. Thus, in the early years, as equipment rises in 
true value, the return on investment increases and the deprecia- 
tion allowance is negative. 


The annual revenue requirement rises by the rate of inflation. 
The net present value of the annual revenue requirements 
equals the net present value of all costs associated with the orig- 
inal investment. The rental charge in any year equals the undis- 
counted value of the revenue requirement. The percentage car- 
rying charge represented in 1975 dollars is the first year’s 
revenue requirement divided by the value of the original place- 
ment of $1,000. Schedule |V-D-2, Tables A and B show in a de- 
tailed fashion this method of computing annual charges. 


Simulation of Competitive 
Marketplace Annual 


Carrying Charge 


heii 
6.86% 


Eu 
Transmission 


While these results represent an appropriate theoretical calcula- 
tion of ‘“economic depreciation”, it is not completely consistent 
with certain real world factors that appear to affect price forma- 
tion in many competitive markets. In particular, predictions of 
the rate of inflation and technical progress become more and 
more uncertain as we go further out into the future. Either be- 
cause of risk aversion or because of an inability to fully diversify 
such risks, nonregulated firm appear to give even greater rela- 
tive weight to early periods than would be implied by the dis- 
count rate used in the above calculation. From the 
businessman’s perspective, this appears as a shorter target pay- 
back period than would be implied by the discount rate used in 
the above calculation. Since these factors influence investment 
and pricing behaviour by firms producing goods and services 


that are substitutes and complements for electricity, we believe 
that such considerations must also be factored into our attempt 
to simulate the effective competitive carrying charge used to 
calculate the marginal costs on which electricity prices will be 
based. 


This shortened period, although it differs for every corporation 
and type of equipment, could in the United States be thought of 
as the lower limit of the asset depreciation accelerated tax lives 
allowed by the Internal Revenue Service. To compute marginal 
costs that more accurately reflect what competitors are doing, 
the time period over which to recover the present value of the 
revenue requirements can be changed from the book life of the 
project to the tax life described above. We would like to explore 
this subject further with Ontario Hydro personnel in order to find 
a Canadian basis for determining this shortened period. 


We are not recommending that Ontario Hydro suddenly convert 
to this type of analysis to value plant and determine overall reve- 
nue requirements. We do believe, however, that to make the 
marginal costs and prices of electricity consistent with those 
arising in the marketplace in general, an economic approach to 
calculating the carrying charge, such as that described above, 
must be utilized. We do recognize that calculations based on 
this approach are quite sensitive to assumptions about the rate 
of inflation, technological change and the appropriate payback 
period to the extent that it differs from that implied by the cost of 
capital above. Since capacity costs are such a large proportion 
of total costs, the specific calculation utilized will have to be ex- 
amined on a case-by-case basis although the basic methodol- 
ogy will remain unchanged. 


E. COMPUTATION OF MARGINAL UNIT DEMAND- 
RELATED COSTS 


As previously described, we have developed annual carrying 
charge factors to convert marginal long-run unit investments 
into marginal unit demand-related costs. These factors provide 
for the return of and the return on capital. There are, however, 
other costs associated with the annual marginal capacity cost of 
supplying electric service. These are property-related taxes, de- 
mand-related operation and maintenance expenses, and a re- 
turn on materials and supplies that must be kept in stock as part 
of the cost of providing electric service. 


These costs are all marginal in nature. As demand increases, 
the utility faces the long-run marginal investments occasioned 
by the increases in demand. These investments lead to in- 
creases in property taxes based on the marginal value of the in- 
vestment and the need for incremental inventories of materials 
and supplies to support the investment. Similarly, as previously 
described, the continuance of demand leads to marginal de- 
mand-related operation and maintenance expenses that, over 
the long run, will vary as demand varies. 


To calculate the annual unit demand-related cost, we have 
added a property tax rate of 0.2 per cent of gross plant to the 
annual carrying charge. The resulting figure was then multiplied 
by the long-run unit investment in each function to arrive at an 
annualized plant cost in dollars per kilowatt. The annual de- 
mand-related operation and maintenance expense was added 
to the annualized plant cost. No demand-related operation and 
maintenance expense has been included for combustion tur- 
bines because no recent analysis of Ontario Hydro’s experience 
was available at this writing. Materials and supplies were esti- 
mated based upon NERA’s experience to be 2 per cent of gross 
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investment. The revenue requirement for materials and supplies 
is calculated using the Ontario Hydro cost of capital of 10 per 
cent and is added to the annualized plant cost and operation 
and maintenance expense to arrive at a total annualized mar- 
ginal demand-related unit cost. 


The results are as follows: 

1.Generation: $20/kW 

2. Transmission: $20/kW 

The computations can be found on schedule |V-E-1. 


F. MARGINAL DEMAND-RELATED COSTS BY PERIOD 


The assignment of marginal capacity costs to different periods is 
intimately related to the process by which we select our rating 
periods. First, let us recognize that efficient system expansion 
requires long-run unit investment that adds capacity up to the 
point at which marginal capacity cost is equal to the expected 
marginal cost of shortage. Thus, the expected cost of shortage 
for a system with the optimal level of capacity can be expressed 
in terms of capacity costs. These costs can be assigned to di- 
{ferent periods according to the relative probability of being ina 
shortage situation in each of the periods. 


in Section I!|, we have described how costing periods were se- 
lected based on the relative values of LOLP. We have defined 
three costing periods - a peak-hour period for the winter and 
summer, and a year-round off-peak hour period. The off-peak 
hour period, as described in Section Il, was judged to contrib- 
ute very little to the expected probability of shortage and was 
not assigned any capacity costs. 


The annualized marginal unit demand-related costs must, there- 
fore, be assigned to the winter peak-hour and summer peak- 
hour periods based upon the relative probability of shortage in 
each period. Costing period capacity cost allocation factors are 
developed on Schedule IV-F-1, page 1. They are determined by 
weighting the average value of LOLP in each season by the 
number of peak hours in each season and calculating the sea- 
sonal relative value of this weighted figure. This process shows 
us that roughly 87 per cent of the annual probability of shortage 
occurs during the winter months and 13 per cent occurs during 
the summer months. Since capacity costs are properly assigned 
to periods according to the relative probability of being ina 
shortage situation in the period, we have allocated 87 per cent 
of the capacity costs to the winter peak hours and 13 per cent to 
the summer peak hours. These allocation factors are based on 
probability computations which, ina strict sense, are applicable 
only to the generation portion of the capacity costs. However, 
since the major portion of the transmission system is designed 
to meet the peak load, we believe that the allocation factors rea- 
sonably reflect the causality of costs on the transmission sys- 
tem. 


The marginal demand-related costs per kilowatt have been ad- 
justed by a factor of 5 per cent to account for energy lost at time 
of system peak between the customer and the generator. This 
adjustment converts the costs into a cost per kilowatt of peak 
demand as measured at the customer's meter and is suitable for 
use in ratemaking. It must be remembered that the capacity 
costs calculated have been based upon marginal costs per kilo- 
watt of system peak demand. However, when making rates, we 
would more likely want a cost per kilowatt of mean seasonal 
peak demand. On Schedule \V-F-1, page 2, we have calculated 
the ratio of mean seasonal peak demand to annual system peak 


demand. 


The period capacity cost per kilowatt of mean seasonal demand 
is calculated by multiplying the marginal demand-related cost by 
the period capacity cost allocation factor and dividing the result 
by the value of mean seasonal peak demand relative to annual 
system peak demand. Period demana-related costs calculated 
in such a way and charged according to contribution or proba- 
ble contribution to mean seasonal peak demand will yield the re- 
quired revenue for system expansion to meet capacity needs at 
time of peak. 


These computations and the resulting marginal capacity-related 
costs per kilowatt of mean seasonal peak demand of $38.06 for 
the winter peak hours and $6.34 for the summer peak hours are 
shown on Schedule IV-F-2. 
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SCHEDULE IV-E-1 


ONTARIO HYDRO 
COMPUTATION OF MARGINAL UNIT COST 
DEMAND-RELATED 


Production Transmission 
=====(1975 Dollars per Kw) -----~ 
25) i) 

(1) Long-Run Unit Investment $186.00" $168.00 
(2) Revenue Requirement Related 

to Capital Investment 10.61% 10.50% 
(3) Allowance for Property 

Tax Payments’ 0.20% 0.20% 
(4) Total (2)+(3) Slt - /0% 
(5) Annualized Costs (4)x(1) $ 20.11 $ 17.98 
(6) Demand-Related Operation 

and Maintenance Expense - Sie. O) 
(7) Demand-Related Costs (5)+(6) $ 20.11 $ 19.18 
(8) Materials and Supplies 

(1)x2.0%° Sic 2 Se 3.36 
(9) Demand-Related Cash 

Working Capital (6)x1/8 : - O15 
(10) Total Working Capital 

(8)+(9) $3.72 S  Skabyat 
(11) Revenue Requirement for Cash 

Working Capital (10)x10.0%° Summa Si, Sa Ons 5: 
(12) Total Demand-Related Costs 

(7) +(11) $ 20.48 $ 19.53 
(13) Total Marginal Costs 

(Rounded) $ 20.00 $ 20.00 


‘Cost of a combustion turbine supplied by Ontario Hydro, 

converted to 1975 dollars and adjusted for planned 

reserve margin of 20 percent. 

*Estimated by NERA on the basis of forecast tax payments 

and plant in service from data in Ontario Hydro Financial 

Forecast 1975-1980, Comptrollers Division, 750224. 

‘Based upon analyses undertaken by NERA of the relationship 

between materials and supplies and gross investment. 
~“Overall cost of capital to Ontario Hydro during the 

planning period. 


Source: Line (1): Col. (2): Schedule IV-B-1. 
Line (2): Col. (1): Schedule IV-D-1, Table A. 
Col. (2): Schedule IV-D-1, Table B, Demer 
Line (6): Col. (2): Schedule IV-C-1. 
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SCHEDULE IV-F-1l 
Page 1 of 2 


ONTARIO HYDRO 
DEVELOPMENT OF CAPACITY COST ALLOCATION FACTORS 
BY COSTING PERIOD 


Relative Hours in LOLP LOLPxHours 
i Value of Costing v4 os Allocation 
Costing Period LOLP Period’ Hours r [LOLPxHours] Factor 


(1) x (2) (3)+2,084 
(1) (2) (3) (4) (5) 


Winter 
(October-March) 0.87 2,083 yo e 0.863 O27 


Base Running 


(April-September ) 0.13 DOs 272 Os2s1 0.3 
Off Peak 
(Nights and Weekends) 0.00 4,592 = = 0.00 
1.00 8,766 2,084 


lbeak hours are 7 a-m. to 11 p.m., Monday through Friday. 
Source: Col. (1): Schedule IlI-1 
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SCHEDULE _IV-F-1 
Page 2 of 2 


ONTARIO HYDRO 
COMPUTATION OF MEAN RELATIVE PEAK DEMAND 
BY COSTING PERIOD 


Mean 
Relative 
Peak 
Demand* 

Winter 
October 0.87 
November 0.95 
December E310) 
January 1.00 
February 0.99 
March 0.93 
Period Average 0.96 

Base 

April 0.89 
May 0.84 
June 0.85 
July 0.84 
August 0.86 
September 0.87 
Period Average 0.86 


‘Mean relative peak demands reflect monthly 
forecast peak demands divided by annual 
forecast peak demands for the costing years 
1976-1977 through 1983-1984. 


Source: Based on data supplied by Ontario Hydro. 


SCHEDULE IV-F-2 
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V. MARGINAL ENERGY COSTS 


The marginal energy or running costs are the time-differentiated 
variable costs associated with energy consumption. These costs 
consist of the fuel and variable operation and maintenance ex- 
penses incurred by the generating unit that will provide marginal 
energy. As previously described, the additional cost to the sys- 
tem of an increase in demand or the savings from a decrease in 
demand is the running cost of the marginal generating unit. 


Marginal running costs were obtained from Ontario Hydro’s 
production cost modelling program, in the form of system incre- 
mental costs by seasonal and diurnal periods. The program 
based system incremental costs on forecast thermal production 
costs from United States bituminous coal. Implicitly, when peak- 
ing hydro facilities are marginal, the energy produced is valued 
at the cost of coal. However, the manner in which the peaking 
hydro is used by Ontario Hydro combines both the characteris- 
tics of a peaking combustion turbine unit and an intermediate 
load range coal unit. It therefore follows that replacement of 
peaking hydro energy would require a combination of CTU and 
coal units. The value of peaking hydro energy to Ontario is, 
therefore, somewhere between the running cost of aCTU anda 


ve 


CTU 
(P+ph) 


B 
al 
| 
a 
| 
Pp | 
| 
| 
| 
hi 
Where: 
Pp are capital 
B,b are capital 
La are imputed 
ial Ata) are minimum 
Lo by hydro. 
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and running 
and running 
capital and 
and maximum number of hours run 


coal unit. To derive the marginal running cost, it is necessary to 
impute a cost to peaking hydro energy based on its value to On- 
tario Hydro. 


How can this be done? We must assume that, in principle, the 
aim is to schedule the water to displace as much high-priced 
fuel as possible, within the limits of the plant's own capacity and 
water supply. Using the theories explained in the NERA sim- 
plified model of the generation system, ' we construct the dia- 
gram below. 


The total cost curve for each type of machine starts at its annual 
fixed cost per kW and rises over hours used by its variable cost 
per kWh. The least total cost machine for a number of hours is 
the machine whose total cost curve is closest to the horizontal 
axis. In this case, B, b, P and p are known. By estimating h1 and 
h2, we can solve for i, the imputed running cost for hydro. By 
fitting the energy produced by CTUs and peaking hydro under 
typical annual load duration curves, it was estimated that hl was 


'Streiter and Mahoney, ‘A Simplified Model of Time-of-Day /Seasonal Pricing,”’ 
NERA, 1975. 


Coal 
(B+bh) 


cOStsvo£ CTs, 
costs of thermal coal, 
running costs of hydro and 


100 and h2 (the maximum number of hours that peaking hydro 
operated) was 3,900. The imputed running costs of peaking hy- 
dro is 14 mills per kWh. The detailed computations are shown in 
Appendix V-A. Also included is an analysis demonstrating that 
the level of the imputed running costs is fairly insensitive to the 
precise estimate of annual capital costs. 


Having imputed a value for the running cost of peaking hydrau- 
lic, the next step is to incorporate this cost into a marginal run- 
ning cost for the various costing periods. 


On an annual basis, 47.6 per cent of the hours, or 4,170 hours, 
are peak hours. Examining a load duration curve, we see that 
peaking hydro runs for a maximum of about 3,900 hours. Since 
the peak period lasts 4,170 hours, assuming that, in general, 
night and weekend hour loads are below weekday peak-hour 
loads year-round, and having been informed that peaking hy- 
draulic is generally not run during the off-peak hours, we have 
decided that it would be appropriate to use the marginal running 
costs originally supplied by Ontario Hydro for the off-peak 
hours. These costs are shown on Schedule V-1. 


The on-peak hours present a more complex problem. Again, ex- 
amining the load duration curve, a portion of the load duration 
curve (the first 100 hours) should be costed at 48 mills/kilo- 
watt-hour, the average running cost of a CTU. Examining sea- 
sonal load levels, it is clear that these hours are all in the winter. 
Turning now to the section of the curve represented by peaking 
hydro, it is necessary to decide whether to price all peaking hy- 
dro at the same imputed cost or to price a portion of the load 
duration curve where hydro most probably displaces CTU en- 
ergy at a higher cost using an alternative method. As it is our un- 
derstanding that peaking hydro is operating the year-round to 
meet the daily movement in load, we do not believe that it would 
be proper to assign different costs to different parts of the load 
duration curve for which peaking hydro is marginal. Also, while 
we feel it is correct to place the first 100 hours of the load dura- 
tion curve in the winter and the 271 hours of the peak period 
that are met by thermal coal in the base season, it would require 
an extensive load analysis to separate the hours on the load du- 
ration curve for which peaking hydro is marginal into seasons. 
The resulting marginal running costs will, therefore, reflect for 
the winter peak hours a weighted average of CTU and imputed 
peaking hydro costs, and for the base-running peak hours a 
weighted average of peaking hydro and intermediate coal run- 
ning costs. 


The winter season peak-hour marginal running cost is 15.90 
mills per kilowatt-hour and the base season peak-hour marginal 
running cost is 13.63 mills per kilowatt-hour. These computa- 
tions are shown on Schedule V-2. 


The off-peak hour marginal running cost is 11.00 mills per kilo- 
watt-hour all year. 
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APPENDIX V-A 
Page 1 of 2 


ONTARIO HYDRO 
CALCULATION OF IMPUTED RUNNING COST 
FOR PEAKING HYDRAULIC UNITS 


Based on the diagrams and the method described in 
the text, the imputed running cost of peaking hydro is derived 
below. The costs used in these calculations are 1975 cost 
data supplied by Ontario Hydro. The capital costs for a 
peaking CTU and an intermediate coal plant are $155/kilowatt 
and $300/kilowatt, respectively. The running costs are 48 
mills/kilowatt-hour and 11 mills/kilowatt-hour, respectively. 
We will annualize these costs using the traditional levelized 
carrying charge method. 


The annual costs of capacity are as follows: 


CTUs Intermediate 
10.61% x $155/Kw = $16.45/Kw 10.75% x $300/Kw = $32.25/Kw 


Returning to the notation introduced in Section V: 


Traditional 
Levelized 


B 


S32e25 
$16.45 


ae) 
" 


oy 
u 


11 mills 
= 48 mills 
h, = 100 

h, = 3,900 


48. 
| 


APPENDIX V-A 
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we see that B-P = (Pras) vas cv ree h,p. Solving for i under 


the levelized Carrying charge method, we have: 


32.25 — 164503 -800)n = 3,900(0.011) + 100(0.048) 
15.80 = 3,800i - 42.9 + 4.8 

33.90) = 3, 8007 

0.014 = i. 


In summation, the imputed running cost of peaking hydro 
facilities is 14 mills/kilowatt-hour. 

The following table analyzes the sensitivity of the 
imputed running cost of peaking hydro to a change in the 


spread of the annualized capital costs of CTUs and intermedi- 


ate coal-fired units. 


Spread of Running Percent in 
Capital Costs Cost Running Cost 
As Assumed 14.00 

-10% Nee Ba -1.64 
-30% 12.94 -7.57 
+10% 14.60 +4.29 


+30% 15.43 710521 


Note: Running costs are expressed in 
mills per kilowatt-hour. 
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SCHEDULE V-1l 


ONTARIO HYDRO 
OFF-PEAK HOUR MARGINAL RUNNING COSTS 


Off-Peak Hours 


Annual 
Year Freshet Summer Fall Winter Average 
wee e ene n nnn nae -e-- (MilTs/KWh) ------<-9------------ 
(1) (2) (3) (4) (5) 
Marginal Fuel Cost 
1976 10,00 10,02 MoV 10.14 10.02 
1977 9.36 10.70 10.60 10.81 10.37 
1978 10.45 10,38 10.45 10,51 10.45 
1979 9.99 9.86 Veawil Te ok S96 
1980 10.34 10,21 10.09 10.30 10,24 
Average Marginal 
Fuel Cost, 
1976-1980 10.03 10,23 10.19 10,35 10.20 
Veriabie O&M 
Cost 0.60 0.60 0.60 0.69 0.60 
Marginal Running 
Cost 10.63 10.83 10.79 10.95 10.80 
Marginal Running 
Cost Used 
In Study 11.00 
Adjusted for 
Marginal Energy 
Losses2 11.66 
Rounded to 12.00 
: Estimate of variable 0 & M costs is based on a survey of the 1974 operation 
of recently installed coal-fired steam plants and has been adjusted to 1975 
dollars 
2 


Based upon data supplied by Ontario Hydro, the adjustment factor for marginal 
energy losses for the off-peak hours has been estimated to be 1.06 


Source: Marginal fuel costs were supplied by Ontario Hydro 
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SCHEDULE V-2 
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DVe/Tia 


A simplified model 


Of 
time-of-day/seasonal pricing 


by 

Sally Hunt Streiter 
and 

Leo T. Mahoney, Jr. 


The theory of marginal cost pricing posits that the 
price charged for electricity at any time should equal the 
cost of providing a small amount more, or the savings from 
providing a small amount less. Since in a complex system 
with a cyclical demand there are different costs at different 
times, we have to find a way to estimate the different costs. 
Fortunately, the engineers got there before the economists 
and produced a variable technology adapted to the variable 
demand. The technology permits different equipment to serve 
demands of different durations, and by simulating the 
planning process by which equipment is chosen, it Is 
possible to derive the conditions for a minimum cost system. 
lf the marginal cost principle of pricing is then applied to 
this simplified system, we can test various hypotheses about 
the relation of revenues to costs under marginal cost pricing; 
we can examine the fairness of charges to consumers with 
different load patterns; we can show how different load 
patterns vary in cost and how growth affects cost. 
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The following theorem and corollaries show in a very 
simplified and schematic way how a kilowatt-hour pricing 
scheme based on marginal costs for each hour of the 
year will: 

1. Cover total costs, in fact, exactly equate revenues 
with costs. 
2. Be equitable to particular types of consumers. 

The proposed pricing rule is that the price to be 
charged for each kilowatt produced in a given hour of the 
year should be the hourly running cost of the last machine 
on line at that point, plus an amount equal to the annual 
cost of one kilowatt of peaking capacity, charged for the 
peak hour only. (To be a little more realistic, since the exact 
hour of the peak is unknown, the annual capital cost of the 
next kilowatt is spread over all the hours when the peak is 
equally likely to occur.) 

The theorem is proven for a schematically simple but 
representative system containing three plants. This system is 
assumed to have been designed to minimize the cost of 
meeting an exogenously determined load curve. This 
assumption is important, since it gives the conditions under 
which the pricing rule produces revenues which exactly 
cover the capital and running costs of the system. All the 
proofs in this paper refer to this optimal system. 

We are entirely aware that the real world has systems 
which are less than optimal, and that this simplified model 
can only be of limited application. Nor will marginal costs 
exactly equate with total costs when technical progress, 
inflation and other factors are introduced. Nonetheless, it has 
proved helpful in analyzing non-optimality also, and is 
presented as a conceptual tool. 


THEOREM 


Rule 

In an optimally planned system prices should be set 
equal to the marginal running cost at any given hour plus 
the capital cost of meeting 1 extra Kw of peak demand 
charged at the peak hour only. 


Result 
The revenues so obtained will exactly equal the annual 
capital costs plus the annual running costs of the system. 


Proof 
Let the following symbols be used in a system with 
3 plant types available. 


APPENDIX 1 


Page 
Annual Hours/ 
Capital Running Year 
Cost Costs Running 
$/Kw $/Kwh Time 
Peaking 
Plant xX x a 
Cycling 
Plant ny y a+b 
Baseload 
Plant Z 7 aa beac 
Total running time t=a+b+c=8,/60 hours 
Total capacity K=A+B+C 
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Kw 
Capacity 


A 


B 


lf X, Y, Z, xX, y, Z are given, it can be shown that in an 
optimally planned system, the prices below will give the 


required revenues. 


Peak hours: a hours at (x + X/a)$/Kwh 
Middle hours: b hours at y $/Kwh 
Low hours: c hours at z $/Kwh 


This is true whatever the values of A, B and C. 


1. Conditions for an optimal system 


Total costs 
1 Kw of 
capacity 


X+xh 


a hy b h2 c 


Use peaking plants when 


X+xh<Y¥+yh 

Since X, Y, x, y are known 
a ieee 

hy yey ES 1) 


Z+zh 


Hours 


Then A is determined by the load curve and the value of a. 


Similarly, use cycling plants when 


Y+yh<Z+zh 
oe Sie 
flor yey ae ve) 
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Then B is determined by the load curve and the value of (a+b) 


2 lf plant has been optimized, and price has been set 
according to rules set out above. revenues will equal total 
annual capital + running costs 


Revenues 
Period 
in Which 
Marginal Plant 
Machine is: in Use Output Price Revenues 


Peaking Unit A+B+C (A+B+C)a x+xX a (A-B+C)aix -% 


Cycling Unit B+C (B+C)b y (B + C)by 
Baseload Unit Cc Cc Zz Ccz 
S Revenues 
Costs 
Annual Hours Running Total 
Capital in Kwh Cost Running 
Costs Cost$ Use Generated per Kwh Cost 
Peaking 
plant AX a Aa x Aax 
Cycling 
plant BY a+b B(a + b) y Bia + b)y 
Baseload 
plant CL adorio=© ClEl=19>-C) Z CErbeIe)zZ 
* Capital SY Running 
Z Revenues = Z Running + Z Capital 
(A+B+C)a(x+xX a)+(B+C)by + Ccoz= Aax + B(a+b)y - Cia+o-c)z+AX+BY+CZ 


BX — CX + Bax + Cax + Cby = BY +CZ+Bay+Caz-Cbz 3) 


Y-X _ 
In 1) above xy 72 
then X = Y-a(x-y) ...4) 


Z-Y _ 
In 2) above er ee 


then Z=(a+b)(y-z)+Y ...5) 
Substituting from 4) and 5) into 3) 
(B= C)\Y-a[x-y}' + Bax - Cax + Cby = BY + CY + Cia b) (y-z) + Bay + Caz + Cbz 
Rearranging and cancelling common terms 


BY + CY + Bay + Cay + Cby =IBY + CY + Cay + Cby + Bay 
QED 
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Relative costs determine optimal running hours and price 


Total costs 
Kw of 
capacity 


a b c Hours 


Load curve and hours of use determine quantities 
of equipment and revenue 

Kw Xx 

(x+3) $ per Kwh 


y $ per Kwh 


z $ per Kwh 


Note: 


1. The result is independent of the magnitude of A, B and 
C and of their total. The Kw Capacity of each type of 
machine depends only on the load curve 

2. The optimal hours of running each class of machine 


depend only on the relative costs. 

3. The assignment of capital costs to the hours when the 
peaking machine is used, and equally over those hours, 
iS arbitrary. 

The rule more rigorously defined is that each kilowatt 

hour should be charged (the probability of failure) x (the 

cost of the next Kw to meet the failure) 

This may mean spreading the capital cost of the 

Kw over more hours of the year, or fewer. However, if 

peaking charges cover too few hours a new peak may 

pop up. 


Corollary A 


A user who has a flat load curve and used M Kwh/hour 
continuously throughout the year will be paying exactly 
his fair share 

For if his demand had been met by addition of a 
baseload plant with M Kw capacity 
Fair Share Cost =MZ+M(a+b+c)z 
Actual Charges = M(a[x +X/a]+ by + cz) 


This is fair if 

MZ + Maz + Mbz + Mcz = Max + Mby + Mcz + MX ...6) 
Y=-X _ 

In 1) above 5—y =a 

In 2) above eet ba 


Adding 1) +2) Z-X = ax + by-az-bz ... 7) 
Substituting in 6) from 7) 
MZ + Maz + Mbz + Mcz = Max + Mby + Mcz + M(Z-ax-by + az + 62) 


Cancelling common terms 
MZ + Maz + Mbz + Mcz = MZ + Maz + Mbz + Mcz QED 


Kw 


Hours 


APPENDIX 1 
Page 4 of 8 


Corollary B 


If two firms differ only in their load curve characteristics, 
with the difference only in the bottom of the load curve. it 
can be shown that the same pricing rule yields each firm 
sufficient to cover its costs. 


S has more baseload need than S’‘, and consequently 
installs C Kw of baseload and B Kw of intermediate plant, 
where S’ installs C’ and B’ respectively. 

The difference in capital and running costs between 
the systems will equal the difference in revenue under the 
pricing system. 

For the shaded rectangle 
Costs S-S’ = difference in capital costs + difference in 
running costs 
=(C-C’)Z + (B-B’)Y + (C-C’)z(a+b+C) 
+ (B-B’)y(a + b) 
nO) 

Revenues S-S‘ = (C-C’)cz 
Since C-C’ = -(B-B’) 
and Z-Y =(y-z)(a+b) from 1) 
In 8) Costs S-S = (C-C’')[Z-Y + az + bz + cz-ay-by] 

= (C-C’)[(a + b)(y-z) + az + bz + cz-ay-by] 

= (C-C’)cz 

= Revenues S-S’ QED 


Corollary C 
The fuel savings from the baseload and cycling plant 
offset part of the capital cost of the plant so that the net 


cost per Kw is equal to the cost of the peaking plant. 
In other words 
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Capital cost of peaking plant 

= Capital cost of cycling plant Jess fuel savings from 
running the cycler rather than the peaker. 

= Capital cost of baseload plant Jess fuel savings from 
running baseload rather than the cycler and the peaker. 


Proof 
In 1) vs a 
X = Y-a(x-y) QED 
Merve 
In 2) Woz =at+bd 
Adding 1)+ 2) 
X = Z-a(x-Z)-b(y-Z) QED 
Corollary D 


As a system grows, if its configuration is optimal at 
the beginning and end of the growth, the revenues from the 
growth will equal the cost of the growth. This 's true for 
even or uneven growth. 


1) For even growth of G Kw in each period 


Kw 


Hours 


System before growth System after growth 
Peaking plant A Kw A Kw 

Cycling plant B Kw B Kw 
Baseload plant C Kw C+G Kw 


Cost of growth = G(Z +[a+b+c]z) 


Revenues from growth = G(a[x + *| + by + CZ) 
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These are equal if 

G(Z + [a+b+c]z)=G(ax + by+cz~X) ...9) 

from 7) Z-X = by-az—bz + ax 

Substituting in 9) G(Z + [a+b +c]z) = G(Z + ax + bz + CZ) 


2) For uneven growth of G. G.G at peak, intermediate 
period and off-peak 


Hours 


System before growth System after growth 


Peaking A A+G-G. 
Cycling B B+G-G 
Baseload C_ Cea 

Total Kw A+B+C A+B+C+G 


Cost of net growth in peaking capacity = (G--G:)[X + ax] 
Cost of net growth in cycling capacity = (G.-G.)[Y + (a+ b)y] 
Cost of net growth in baseload capacity = GZ + [a+b +c]z) 


Revenues from net growth = G.a(x +%) + G:by + G:ez 


Costs equal revenues if 

(G:--G:)(X + ax) + (G:-G:-)(Y + [a+ b]y)+ GuZz+ [a+b+c]z) 
=G-a(x + *) + G:by + G:cz 

G(X + ax) + GLY + (a + b)y-X-ax] + G [Z + (a+b +0¢)z-Y-(a + b)y] 


= G-a(x +4) + G-by + G-cz 


Since Y-X = a(x-y) 
Z-Y =(y-z)(a + b) 


G-(X +.ax) + Geby + G.cz = G-a(x +*) + G-by + G.cz QED 


This means that the cost of growth in each period and in 
total are equal to the running costs in each hour plus the 
cost of the peaking plant. 


a 


Corollary & 


A consumer who uses only off-peak power should not 
be charged any capital costs, only the running cost. 


Kw 


Hours 


If the off-peak consumer did not exist then the system 
configuration would be different. The net total cost to the 
system of the changed configuration is equal to the running 
cost in the off-peak hours, or Ccz 


Proof 

lf the consumer had not existed, system would have 
been 

A Kw peaking 

(B+ C) Kw cycling 

O baseload 
Cost without him = AX + (B+ C)Y + Aax + (B+ C)(a + b)y 


if the consumer now exists, and the system is reoptimized 


Cost with him = AX + BY + CZ + Aax + B(a + b)y + C(at+b +¢)z 


Difference in costs with him and without him 
= CZ-CY + C(a+b+c)z-C(a+t b)y 
= CZ-CY + C(az + bz + cz—ay-by) 
= CZ-CY-C[(a + b)(y-z) + CZ] 
= C(Z-Y-Z + Y) + Ccz 
= Cr 


This is what we ask him to pay. 
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Corollary F 

But what if the consumer requires all his power at 
the peak? Then charging him the capital costs covers the 
incremental cost to the system. 


Kw 


Hours 


System without him = B + C 
System with hm=A+B+C 
System costs without him= BY + CZ + B(a+ b)y + C(a+b+c)z 
System costs with him = AX + BY + CZ + Aax + B(a+ b)y + C(a+b+c)z 
Difference in system costs = AX + Aax 
= Aa(x + X/a) 


This is what we ask him to pay. 


ILLUSTRATION 


ILLUSTRATIVE EXAMPLE TO DEMONSTRATE 
THAT BY CHARGING THE CAPITAL COST OF 
PEAKING CAPACITY DURING PEAK HOURS, THE 
RUNNING COST OF PEAKING CAPACITY DURING 
PEAK HOURS AND THE RUNNING COST OF THE 
MARGINAL MACHINE AT OTHER TIMES, THE 
TOTAL COSTS OF AN OPTIMIZED SYSTEM WILL 
BE RECOVERED. 


ASSUME: 


1) A system whose load duration profile permits 
each type of production plant to operate the 
optimum number of hours [The optimum number 
of running hours for any plant is that number of 
running hours beyond which some other type of 
plant would operate at a lesser total cost]. 
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2) The following symbols are used 


Peak- Base- 

ing Inter. load 
Capital $/Kw 2 | B 
Annual charge % ACe AC ACs 
Running costs $/Kwh p b 
Hours of running time h- h Ns 
System configuration (Kw) K: Kz Ks 


3) In this example the following values, approximating 
those of an actual utility, are taken 


Peak- Base- 

ing Inter. load 

Capital $/Kw 140 300 500 

Annual charge % AD NS WS 

Running costs $/Kwh OS Onion. O04 
System configuration 2 3 45) 


(1 Kw System) 


A. COMPUTATION OF OPTIMUM RUNNING HOURS: 


1) PEAKING CAPACITY 
$P(AC.) + Sp(h:) = SI(AC ) + Si(h-) 
Solve for h-- 
$p(h:)-Si(h:) = $l(AC )-$P(AC.) 
_ SI(AC )-$SP(AC.) 


h: - 
$p-$i 


Substitute the assumed costs 
_ $300(.15)-$140(.20) 


i $.03-$.015 
= $45-$28 Viz 
oie. eG 


2) INTERMEDIATE CAPACITY 


$I(AC.) + $i(h:) = $B(ACs) + Sb(h-) 
Solve for hz- 
$i(hz)-$b(h2) = $B(AC3)-$|(AC ) 


h, — SB(AC:)-SI(AC) 
Si-$Sb 


Substitute the assumed costs- 
— $500(.15)-$300(.15) 


h 
$.015-$.004 
_ $75-$45_ 30 
Pee Gu a a 


3) BASELOAD CAPACITY 
Baseload running hours = 8,760 hrs. 
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B. REVENUES ARE RECOVERED 

With prices set equal to running costs of the marginal 
machine [3¢, 1.5¢€, 0.4¢ per Kwh] in each period, plus a 
capital component equal to the cost of 1 Kw of peaking 
Capacity, the total costs are recovered. 


COMPUTE TOTAL ANNUAL COST: 
1Kw 


PEAKING, =$140(.20)(.2)+(1133)($.03)(.2)=$12.40 


INTERMEDIATE @=$300(.15)(.3)+2727($.015)(.3)=$25.77 


BASELOAD=$500(.15)(.5)+8760(S.004)(.5)=$55.02 _ 


0.8Kw 


0.5Kw 


1133hrs. 2727hrs. 8760hrs. 
TOTAL ANNUAL COST=$12.404$25.77 +$55.02=$93.19 


COMPUTE TOTAL ANNUAL REVENUES: 
1Kw 


0.8Kw 


0.5Kw 


(8760-2727)($.004)(.5)=$12.07 


$140(.2)(1)+1133($.03) 
(2727-1133)($.015)(.8) 


1133hrs. 2727hrs. : 8760hrs. 
TOTAL ANNUAL REVENUES=$61.99+$19.13+$12.07=$93.19 


C. A 100-PERCENT LOAD FACTOR CUSTOMER IS 
FAIRLY CHARGED 


Using the values in the Illustration, we show the 100 
percent load factor customer pays his fair share under 
marginal cost pricing 

If the 100 percent load factor consumer were added. 
the system would need to add a baseload unit at a cost of 

$500 (.15) + 8,760(.004) = $110 per year 


Under marginal cost pricing he would pay 


$28 (spread over the peaking hours) 

+ $0.03 x 1,133 (peak running time) 

+ $0.015 X (2,727-1,133) (intermediate running time) 
+ $0.004 x (8,760-2,727) (off-peak running time) 

= $110 per year 


This can be shown to be true for all Optimal systems 


$0.03 


1 Kw 


1,133 2,727 8,760 


D. THE OFF-PEAK CONSUMER PAYS ONLY THE 
RUNNING COSTS 


lf the off-peak consumer did not exist, the system 
would have more intermediate capacity and less baseload 
capacity. The off-peak consumer Causes a replacement of 
intermediate capacity with baseload capacity, which has a 
higher capital cost and a lower operating cost. This Is the 
only difference to system costs. 


Taking costs for shaded area only 


Total cost of plant optimized with off-peak Consumer 
= $500(.15) + 8,760(.004) = $110 


Total cost of plant optimized without off-peak Consumer 


= $300(.15) + 2.727(.015) = $85.9 
Difference = $24.1 
Off-peak charges proposed for off-peak Consumer 


= $.004 x 6,033 
= $24.1 
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@ Regulatory policy and 
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and rate design 
economics 


@ Energy and mineral 
economics 
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@ Regional economics, 
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transportation 


@ Economic statistics, 
including collection, 
analysis and presentation 
of statistical data 


@ Equal employment and 
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80 Broad Street, New York, N.Y. 10004 
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APPENDIX 2: The Assignment of Marginal Capacity Costs to Costing Periods Based on Loss 


of Load Probabilities: An Elaboration 


Depending on the particular system under study, we can get 
various amounts of information about the probability that the 
load at any particular time will exceed the level of available ca- 
pacity. These estimates reflect information on the probability 
distribution of demands over the year, maintenance schedules, 
and forced-outage rates. In making use of these probability esti- 
mates, we recognize the general principle that the price at any 
period of time should reflect the expected marginal cost of en- 
ergy plus the expected marginal shortage cost.' 

Following the approach used by the French, we also recognize 
that under several simplifying assumptions, the expected mar- 
ginal cost can be expressed in terms of the marginal cost of ca- 
pacity to all periods which have a significant shortage probabili- 
ty, in accordance with the relative probabilities in the different 
rating-periods. 


Briefly, the argument goes as follows. Assume that we can sum- 
marize the uncertainty in demand, forced outages, and mainte- 
nance requirements associated with each hour (i) of the year by 
a probability distribution, which for any level of capacity gives us 
a probability P; that demand will exceed available capacity in 
each hour. Other things being equal, the larger the amount of 
Capacity we build, the lower will be the probabilities of shortage. 
Let us assume that the marginal cost of not being able to supply 
a kilowatt of demand because of capacity constraints is given by 
d dollars in each period (allowing the d’s to vary across periods 
does not change the nature of the results), and the marginal ca- 
pacity cost is given by C dollars per kilowatt. Efficiency requires 
us to expand capacity until the marginal cost of capacity equals 
the marginal benefit of adding that capacity, which in turn is 
given by the expected marginal shortage cost summed over all 
hours of the year. This condition is given by =P;d=C (Formula 


1), 


Now consider the decision to use an extra kilowatt-hour during 
any hour. With probability P;, there will not be enough capacity 
to provide the service, so that the expected shortage costs 
associated with this decision are P,d (Formula 2). 


But Formula 1 tells use that if the system has been expanded 
efficiently, then d=C/=P, (Formula 3), and Formula 2 can be 
written as P;d=(P;/=P;).C; which gives the expected shortage 
cost associated with the decision to use one kilowatt-hour more 
(or less) during each hour. Our first reaction, therefore, is to set 
the rate (Rj) during each period to equal the expected marginal 
energy cost (a)) plus the expected marginal shortage cost given 
by Formula 4: that is to say Rj=a,+(P)/=P,).C (Formula 5), and 
2=R;= Za, + C which is equivalent to the result for the sum of the 
prices for the simple deterministic model discussed in the previ- 
ous sections. 


However, we are not quite finished. Referring back to the opti- 
mal expansion relationship (Formula 1), we realize that associ- 
ated with this condition is some level of reserve margin (r) 
measured by the difference between peak capacity and ex- 
pected (mean) demand. The larger the variance of the probabil- 
ity distribution (other things being equal), the larger the reserve 
margin will be. The cost of this reserve margin does not yet ap- 
pear anywhere in the rates. This is because the question we 
asked was, What is the cost of consuming one more or one less 
kilowatt-hour in each period with certainty (or alternatively, with- 
out any variance component)? If we had asked instead, What is 
the cost of adding a one-kilowatt reproduction of the existing 
demand configuration with identical stochastic characteristics 
so as to maintain the same level of system risk?, then we should 
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have to include a reserve margin, and the marginal cost would 
be (l+nC dollars. 


We have accounted for the variance in load, and the associated 
reserve margin, by including the reserve margin in 
R,=a,+(P,/=P)(1+NC (Formula 7), and 2R = Za; + (1+ r)C (For- 
mula 8). 


Note at this point that rates during all periods make some contr!- 
bution to the total capacity costs of the system, both because 
the marginal energy costs (a;) are generally higher than the av- 
erage energy costs during any hour, and because of the alloca- 
tion of the marginal costs of capacity using the loss-of-load 
probabilities. These relationships may also give us a basis to 
charge differential rates to customers who do not wish to pay for 
the level of reliability the system has been designed for (perhaps 
by opting for interruptible rates), although we have not as yet 
explored this possibility in any detail. 


One final simplification must be mentioned in conclusion. We 
are not proposing to set different rates for every hour of the 
year. In addition, the probability distribution of load losses is 
similar for a small number of groups of hours. We have therefore 
chosen to isolate three or four homogeneous groups of hours, 
each containing h, hours, which have the same loss-of-load 
probabilities for any level of system capacity. Therefore, for 
computation purposes, (P\h,;/=P;h,)(!+ nC is the share of mar- 
ginal capacity costs chargeable to the hours h,, where h, is the 
number of hours in each rating-period and P, is the associated 
loss-of-load probability. 


1See M.A. Crew and P.R. Kleindorfer, ‘‘Peak Load Pricing With A Diverse 
Technology” and P.L. Joskow, ‘Contributions to the Theory of Marginal Cost 
Pricing”, Bell Journal of Economics and Management Science, Spring 1976 


APPENDIX 3: Marginal Costing Study Data Sources 


Data used in the determination of the long-run marginal costs of 
Ontario Hydro were supplied by Ontario Hydro personnel. When 
the study was commissioned, it was agreed that part of NERA’s 
responsibility would be to prepare requests for whatever data 
would be necessary for use in the determination of long-run 
marginal costs. These requests were passed through the On- 
tario Hydro costing study group to the sections best suited to 
provide the necessary information. NERA personnel met with 
Ontario Hydro personnel to clarify the requests and Ontario 
Hydro’s responses. 


The nature of the data needed for a study of long-run marginal 
costs and the ongoing evolution of the marginal costing meth- 

odology are such that data are sometimes not available within 

the time frame or budget of the study. Data are often not avail- 
able in the best possible form. Often information must be proc- 
essed to be useful in the study and this requires even more in- 

formation. Contingent upon developments in the methodology, 
additional data requests are made. 


Peak load forecasts, budgeted capital and operation and main- 
tenance expenses, forecast fuel expense and forecast system 
dispatch are examples of the type of information necessary to 
compute marginal costs levels. Loss-of-load probabilities and 
daily load curves are information that is essential in choosing 
costing periods. Electric losses at time of peak and under differ- 
ent load conditions are necessary to adjust demand costs, to al- 
low for losses at time of peak, and to adjust energy costs, to al- 
low for incremental energy losses. 


The only possible source for information of this type is the 
people who are constantly involved in the planning and opera- 
tion of the electric system. Long-run marginal costs, it must be 
remembered, are not tied to cash flows over any particular time 
period. Instead, given a level of technology and a constant price 
level (recognizing relative price changes among inputs to an 
electric system), the long-run marginal costs attempt to meas- 
ure, in constant dollars, the cost level of consumption on a time- 
differentiated basis. To do this properly, there is no formula. The 
analyst must define his goal and through discussion with operat- 
ing and planning people determine what data are appropriate to 
the computations. 


In Appendix 4, we have offered recommendations for improve- 
ments in the accounting and data compilation and storage sys- 
tems that would facilitate a marginal cost study. Eventually, as 
the marginal costing methodology for electric services matures, 
it will be possible to develop standardized forms of data report- 
ing that will render marginal cost analyses more thorough and 
efficient. Attached to this appendix is a copy of the basic data 
request given to Ontario Hydro. 
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APPENDIX 3A: Data Required by NERA 


ine) 


or 


(o>) 


~~“ 


(0) 
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. Summer and winter peak load forecasts for the next ten 
years and actual peak loads for the past 20 years. Summer 
and winter peak day load curves for the past five years 
along with monthly cooling and heating degree days for the 
same period. In this regard, we need to know the relation- 
ship between weather for the period and ‘‘normal’’ weather. 
(A write-up explaining your peak normalization procedures 
including design-day conditions would be helpful.) 


. Hourly, marginal energy costs for the next five to ten years. 
lf these are not available, a month-by-month system dis- 
patch showing the amount of hours each unit will be run, 
the energy generated by each plant, the MBTU consumed 
by each plant, the cost of fuel per MBTU in base-year dol- 
lars (general inflation excluded), and the base-year dollar 
cost per kilowatt-hour of variable O&M expenses, by plant. 
A description of any operating conditions that significantly 
alter dispatch from being done on a ‘“‘merit order’’ basis. 


. Monthly load duration curves expected to be typical of the 
planning period. 


. For each month, the monthly peak day, typical weekday, 
typical Saturday and typical Sunday load curves plotted as a 
per cent of annual peak load. If there are no reasons to ex- 
pect that these curves will change relative to the peak load, 
one set for the period will suffice. 


Loss-of-load probabilities for each hour for the next five to 
ten years. If these are not available, loss-of-load probabili- 
ties by month for day (peak) and night (off-peak) for the 
next five to ten years. 


. Planned production capacity additions for the next five to 
ten years, timing of units and dollars per installed kilowatt of 
capacity in present day dollars. What method does your 
company use in estimating cost of facilities and removing 
inflation? 


. What is your planned capacity reserve margin over the next 
five to ten years? What method of generation planning is 
employed by the company, e.g., yearly loss-of-load proba- 
bility? 

. Estimate of operation and maintenance expense and fuel 
cost for all existing and future generation by type of fuel and 
type of plant. 


. Long-range, five to ten year budgeted annual expenditures 
for transmission investment in present day dollars. Please 
indicate, if possible, any dollars budgeted for replacement of 
retired plant and any unusual projects taking place during 
this period. 


. Long-range, five-to-ten year budgeted annual expenditures 
for distribution investment in present day dollars. Please in- 
dicate, if possible, any dollars budgeted for replacement 
and/or reliability. 


. Estimate the cost of adding a new overhead and under- 
ground residential, commercial and industrial customer 
based on present minimum engineering standards. Estimate 
the cost of modifying aforementioned standards for electric 
heat. Who pays for the additional cost of underground serv- 
ice? 

. Atabulation of capital expenditures over the last 20 years 
related to transmission and distribution plant broken down 
by subaccount and by voltage level. Also, indicate whether 
there were any unusual expenditures during this period 
such as those related to a new airport or hurricane damage. 


AZ 


14. 
1S 


18. 
19. 


20. 


Zale 


22. 


23. 


24. 


20. 


Tabulation of all operation and maintenance expenses for 
the last five years. These expenses should be segregated by 
major function, i.e., generation and transmission, and seg- 
regated into subaccounts such as fuel, maintenance of 
boiler plant, etc. 


A list of all existing generators, their capacity and fuel type. 


For the last 20 years, an analysis of the contribution to peak 
of customers by class and voltage level. Also, the average 
and year-end number of customers by customer class, 
served from each voltage level. 


. The capital structure that the company will use to finance 


projects undertaken during the planning period. The cost of 
capital the company expects to face during the planning pe- 
riod. A description of any accounting practices related to 
computing revenue requirements for ratemaking purposes 
(i.e., use of reserves for rate stabilization, etc.). 


. The type of lowa Survivor Curve that the company will use 


to estimate the dispersion pattern of the types of planned in- 
vestments. The service life that the company will use for — 
straight line depreciation of planned investments, by type of 
investment (i.e., transmission, distribution and generation by 
type of fuel). If these data are unavailable for planned invest- 
ments, supply information on the type of curve currently 
used and the corresponding service life, by type of invest- 
ment. 


A detailed description of what comprises the rate base. 


A description of all taxes or payments in lieu of taxes paid 
to the federal, provincial or local governments. 


Summary of monthly sales and customers, by rate sched- 
ule, for the most recent 12-month period. 


A description of any specific load research work that the 
company has performed. 


An analysis of losses by voltage level for demand and ener- 
gy. 


Analysis (from bill frequencies) of hours or use of measured 
demand for rates with demand meters. 


Analysis (from bill frequencies) of number of bills and con- 
sumption by blocks of kilowatt-hour consumption by month 
for a 12-month period. 


A map of the system showing existing and proposed gener- 
ator sites and transmission lines and any general back- 
ground information such as one would find in a private 
company’s annual report. 


APPENDIX 4: Recommendations for Improving Data Inputs to the Marginal Costing Study 


In Appendix 2, it was stated that marginal costing methodology 
is still developing and improvements are necessary in data avail- 
ability. Herewith are recommendations of the type of data that 
by feel Ontario Hydro should give thought to compiling and 
storing. 


Costing period selection and capacity cost allocation are cur- 
rently based on loss-of-load probabilities and daily load curves. 
Loss-of-load probabilities are, however, only representative of 
load exceeding generating capability. For the purpose of allo- 
cating transmission demand-related costs to costing periods, a 
measure of the probability that load will exceed the capability of 
the transmission lines and stations should be developed. Daily 
costing periods have been selected to encompass 16 hours a 
day. At this time, we feel that this is necessary to protect against 
the creation of new peaks. However, if marginal cost based 
rates are implemented, the responsiveness of consumers to 
price changes should be sampled and the results used in deter- 
mining daily peak and off-peak periods in a more scientific man- 
ner. 


Marginal running costs have been calculated using a thermal 
production cost modelling program forecast and imputing a cost 
to hydraulic energy based on the number of hours that this en- 
ergy was used during the year. More precise marginal running 
costs could be obtained by incorporating peaking hydro energy 
(costed at the value of fuel that would be displaced if Ontario 
Hydro did not have the peaking hydro energy available) into the 
production cost program. 


Transmission investment has been analyzed per added kilowatt 
of system peak demand. Historic data were not used because of 
problems with clearing investments to functional subaccounts 
and the absence of a construction cost index suitable to Ontario 
Hydro that could be used to convert past investment to constant 
dollars. In the past, no particular emphasis was placed on devel- 
oping an accounting system that promptly cleared investments 
to functional subaccounts and no emphasis was placed on 
tracking trends in construction costs by these subaccounts. We 
would recommend that such procedures be undertaken. They 
would provide the capability to analyze historic marginal invest- 
ment levels and to analyze further the variability of transmission 
investment with demand. 


We would also suggest that, if possible, transmission budgeting 
should be compiled on a functional subaccount basis. Costs 
above those which are necessary to serve current loads, but are 
being incurred in anticipation of conversion to a higher voltage 
level, should be isolated. This would further aid in analyzing the 
variability of transmission investment with respect to increases 
in demand. Ontario Hydro currently has a policy of pooling 
costs among voltage levels. If this were to be changed, it would 
be important to develop investment and peak load data by volt- 
age level. 


There is also work to do on computing incremental energy loss 
factors and loss factors at times other than system peak. Addi- 
tionally, if the pooling concept is abandoned, this work would in- 
volve analyses for the different voltage levels. While this would 
be difficult on a system as widespread as Ontario, with differ- 
ences in seasonal and daily location of available capacity, it 
would lend further precision to the marginal costing study. 
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PART 2: Marginal Costs for the Distribution System 


1. INTRODUCTION 


Certain of Ontario Hydro’s costs are considered to be incurred 
for the benefit of all customers while others are for certain cus- 
tomers or classes of customer. The first category comprises the 
costs of the bulk-power system, and is often referred to as com- 
mon-function costs. The second refers to the costs of the distri- 
bution system, or non-common-function costs. 


The NERA study determined the marginal costs of the bulk- 
power system. The objective of this analysis is to determine the 
marginal costs of non-common functions. 


Non-common facilities are those Ontario Hydro provides to sup- 
ply power at voltage levels below bulk-power levels. Providing 
electrical service at sub-transmission levels requires transform- 
ing the power, distributing it, and metering it. This entails expen- 
ses for capital additions as well as for operating, maintenance 
and administration. 


For purposes of cost allocation, the dividing-point between the 
bulk-power and distribution systems is considered to be the 
‘high side’ of those stations stepping power down to voltage lev- 
els below 115 kV. The costs of non-common facilities are cur- 
rently recorded and/or allocated in the present cost-of-power 
system. These costs, supplemented by information recorded in 
the corporate accounting-system, constituted the primary data 
for analysing marginal non-common function costs. 
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ll. SCOPE 


A separate study was conducted on determining and allocating 
fully distributed non-common costs, and the resulting report is 
presented as part of the Allocation of Costs portion of Volume |! 
B. That study made several recommendations which have been 
incorporated in this calculation of marginal non-common costs. 
The one notable exception is that of the cost function called 
‘specific facilities’. 


Low-voltage lines that serve only one municipality are now re- 
garded as a specific facility and charged on the basis of capital 
cost. The study of fully distributed non-common costs recom- 
mends extending this concept to apply to all customer classes 
and also to the transformation function. Since line milage was a 
factor in determining the marginal costs of the distribution func- 
tion, the specific-facility lines have, in effect, been included. (Al- 
though the use of line milage as a factor is contrary to the rec- 
ommendations of the study of non-common costs, from the 
point of view of marginal costing, it is the correct approach.) 


Time considerations prevented including specific transformer 
stations in the calculation of marginal cost for the transformation 
function. Class costs would only be affected if the load factors of 
specific stations varied substantially from non-specific stations. 
It was considered that the results obtained were sufficient for 
their primary use, which was to assist in setting rural rates. 
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111. TRANSFORMATION 


The costs of transformation consist of the costs incurred by 
transformer and distributing-stations employed to step bulk 
power down to voltage levels below 115 kilovolts. Transforma- 
tion costs were pooled into two groups: 


1. transformation below 115 kV, but above 20 kV; and 
2. transformation to below 20 kV. 


The historical dividing-point of 10 kV was not used because the 
marginal-cost analysis indicated that 20 kV would produce a 
more homogeneous pooling of costs. 


A. CAPITAL 


The base data used in this calculation were taken from the 
transformation part of the study of non-common costs. In that 
study, marginal transformation costs were used to determine 
cost groupings for the various stages of transformation. 


Capital costs of all of Ontario Hydro’s distributing-stations as 
well as those of transformer stations placed in service in the last 
fifteen years were gathered. The costs of these stations were 
converted to 1974 dollars, and a cost per kVA of capacity by 
voltage level was calculated. 


To translate these results into a marginal cost per kilowatt, an 
adjusting-factor was determined by expressing the actual loads 
for 1974 as percentages of the kVA capacity. The resulting fac- 
tor, when applied to the original results, converted the unit cost 
from an incremental measure of capacity in dollars per kVA to 
an incremental $/kW term. 


B. OPERATION AND MAINTENANCE 


Operating and maintenance costs are recorded in accounts that 
designate the type of transformer station: that is, 230 kV, 115 kV 
or low voltage. As in the analysis of capital, the results of the 
transformation part of the study of non-common costs were 
used in the analysis of marginal O & M costs. The total operating 
and maintenance costs plus associated overheads, by type of 
station, were divided by the primary capacities of the stations, to 
obtain a cost of capacity (kVA). The obtained costs per kVA 
were weighted by the percentage of capacity composing each 
secondary level of transformation. For example, if 80 per cent of 
44 kilovolts were transformed down from 230 kilovolts, and 20 
per cent from 1 45-kilovolt, the 44-kilovolt cost would equal the 
sum of 80 per cent of the 230-kilovolt cost per kVA and 20 per 
cent of the 115-kilovolt cost per kilovolt-ampere. This procedure 
produced an operating and maintenance cost per kilovolt-am- 
pere for each level of transformation, which in this analysis was 
translated to a cost per kilowatt in the same manner as capital. 


C. TRANSFORMATION LOSSES 

Stations that transform power from one voltage to a lower volt- 
age are placed in two classifications, transformer stations and 
distributing-stations. 

Transformer stations have a primary voltage (high side) of 115 
kilovolts or higher. Distributing-stations have a primary voltage 
of less than 115 kilovolts. The costs associated with losses were 
calculated for each class. 

For transformer stations, actual 1974 losses per transformer, for 
both demand and energy, were supplied by the System Mainte- 
nance Division. 

Eor distributing-stations, it was estimated that losses from the 
transformer core would equal two per cent of capacity, and 
losses from the copper windings would be four per cent of ca- 
pacity. (These percentages were derived from industry stand- 


ards. \t was considered that the volume of data requiring analy- 
sis, combined with the variation in load factors for distributing- 
stations, did not warrant calculating actual losses.) Using these 
loss estimates, losses for demand and energy were calculated. 
For demand, the two per cent was applied to ninety-five per cent 
of the 1974 rated capacity of distributing-stations. Energy losses 
were computed by applying the four per cent to the capacity de- 
termined above at eighty per cent load factor. 


The loss data so obtained were related to the actual 1974 loads 
for transformer stations and to estimated loads (ninety-five per 
cent of rated capacity) for distributing-stations. In this way, aver- 
age loss figures for demand (in watts per kilowatt) and energy 
(in kilowatt-hours per kilowatt per year) were obtained for each 
secondary voltage level. 


The costs associated with these losses were calculated by ap- 
plying the marginal demand and energy costs from the NERA 
study of bulk-power costs. It was necessary to weight the en- 
ergy costs determined by period in the NERA study to determine 
an overall cost of energy. This was achieved by applying the 


proportion of hours in each period (winter, summer, off peak) to 
produce a weighted average energy cost. 
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IV. DISTRIBUTION 


The costs of distribution are those of the low-voltage lines (pri- 
marily 44, 27.6 and 22 kilovolts) which distribute power from the 
transmission grid to the customers’ supply points. There are sig- 
nificant differences in the average length of line required to 
serve each class of customer, and this is recognized in the cur- 
rent cost-of-power system. The low-voltage lines are included in 
the radial cost function, which is applied to classes on the basis 
of kilowatt-miles. 


In determining marginal costs, it was decided that the milage 
factor deserved consideration. The rural customers could not be 
lumped with municipalities for costing-purposes, because of di- 
fferences in line milage. Accordingly, costs were determined for 
each class of customer. 


A. CAPITAL 


The period used to determine the marginal cost of Capital ran 
from 1971 to 1975. Because only net additions to load were 
available, it was necessary to use net additions to capital. New 
lines added to capital were converted to 1975 dollars using the 
specific factors appropriate to the year when each line was 
placed in service. The value of lines removed from capital be- 
cause of sale, retirement, or transfer was converted at an aver- 
age rate derived from data in the inflation-accounting study (Vol- 
ume III). 


The milage used in the current allocation process was adjusted 
to eliminate the milage of related lines of 115 kilovolts or more. 
The increase in the number of miles by class was calculated, 
and used as the basis for allocating the escalated capital to 
class. 


These costs were then divided by the planned increases in low- 
voltage load for the period, to obtain a marginal cost of capital 
per kilowatt. (The planned load was used because this is the ba- 
Sis for decisions to alter present distributing-facilities.) 


B. OPERATION AND MAINTENANCE 


There are no operating-costs for low-voltage lines, only mainte- 
nance and associated overheads. These costs for 1975 were re- 
lated to the total length of low-voltage line used in the present 
allocation process, and a cost per mile determined. The length 
in miles added by class from 1971 to 1975 was multiplied by the 
cost per mile, and the resulting product divided by the increase 
in low-voltage load planned for the same period to obtain a cost 
per kilowatt. 
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V. METERS 


Metering is required for billing-purposes, and is mainly carried 
out below the 115-kilovolt level. For this reason, its cost is clas- 
sified as non-common. 


A. CAPITAL 


The additions to meter capital for 1973 through 1975 were cal- 
culated in 1975 dollars. The increased costing-load related to 
meters for the same period, and an incremental capital cost per 
incremental kilowatt, were obtained. 


B. OPERATION AND MAINTENANCE 


A series of calculations produced the meter, operating, and 
maintenance costs plus associated overheads. 


The share of total OM&A outlays related to capital added in 
1974 was estimated. The following steps were taken in the anal- 
ysis to produce this estimate: 


1. The reproduction cost, in 1974 dollars, for meter capital as 
of 31 December 1974 was determined. (The source of this 
information was the inflation-accounting study and informa- 
tion from the cost-of-power system.) 


2. The total OM&A expenses for meters were then related to 
the results of step (1), to determine an OM&A cost per dollar 
of capital investment. 


3. The unit OM&A cost determined in step (2) was then applied 
to the 1974 additions to meter capital and the incremental 
OM&A costs were calculated by applying changes in the 
1974 costing-load. 
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VI. Annualization and Escalation of Incremental Costs 


All the incremental costs per kilowatt have been annualized at 
10.5 per cent over 35 years in determining yearly incremental 
costs. 


The costs were determined in 1974 or 1975 dollars, depending 
on available data, and converted to 1977, 1978, and 1979 dol- 
lars for use in designing rates. Indices provided by the Office of 
the Chief Economist were used to convert these figures. 


The results of the analyses undertaken in this study are summa- 
rized in Appendix I. 
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PART 3: Marginal Costs For The Rural Retail System 


1. INTRODUCTION 


The object of this analysis is to determine the marginal costs of 
the rural retail system. 


Providing electrical service to a retail customer, at a voltage be- 
low sub-transmission levels, requires designing and construct- 
ing a distribution network. This incurs capital, operating, mainte- 
nance, and administrative costs. 


The accounting-system, in grouping and recording these costs, 
makes it possible to identify spending related to the chief com- 
ponents of the retail distribution system, on both an annual and 
a cumulative basis for capital, and annually for operating-expen- 
ses. To determine the marginal cost of providing service in the 
rural retail system, outlays made in 1975 have been analysed, 
and related to the changes in load, energy, and number of cus- 
tomers in that year. 
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ll. CONCEPTUAL BASIS FOR ALLOCATING COSTS 


Costs can be identified as variable or fixed depending on 
whether or not they change in relation to demand. Fixed costs 
include avoidable customer costs, incurred simply because a 
customer is connected to the system, as well as non-demand- 
related costs, which neither relate directly to a customer, nor 
vary with an increase or decrease in demand. Costs which do 
vary with demand are called demand-related costs: that is, they 
vary according to the number of kilowatts or kilowatt-hours the 
customer uses. 


There are, however, costs which are both fixed and variable. 
There are also costs recorded in the capital accounts of the re- 
tail system which, for purposes of this exercise, are neither, 
such as those for water heaters and sentinel lighting. 


ill. ALLOCATING CAPITAL COSTS 


First, those costs which were either wholly fixed or wholly varia- 
ble were placed in their respective categories; these included 
the costs for such items as poles and switches. Other costs, al- 
though considered assignable (in part at least) to the demand, 
non-demand, and customer components, were allocated to ei- 
ther the fixed or the variable class. This was necessary because 
either not enough information was available to split costs, or 
only small amounts of money were involved. The allocating of 
meter costs to the fixed class serves as an example of this pro- 
cedure. 


The splitting of fixed and variable costs was carried out for con- 
ductors and transformers. The method used was that of the min- 
imum intercept, which employs regression analysis. 


The minimum-intercept method involves an interpretation of the 
Line of Best Fit determined in the regression analysis. Based on 
the assumption that there may be a non-demand component in 
even the smallest available unit size, the minimum-intercept me- 
thod seeks to identify the share of plant related to a hypothetical 
no-load situation. The Line of Best Fit is extended to a no-load 
intercept, and the cost related to this load is the fixed compo- 
nent of the asset class. 


Costs of installing transformers were also split into fixed and var- 
iable parts. The methodology in this case was based on the view 
that the cost of installing the smallest transformer is customer- 
related. 


Sif 
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IV. ESTABLISHING THE UNIT COSTS FOR CONDUCTORS AND TRANSFORMERS 


The unit-cost data were acquired from stores inventory records 
maintained within the Supply Division. These records list the 
amounts of each item used during the year, as well as the aver- 
age cost of the items in inventory on 31 December 1975. (The 
data are kept by the code numbers identified in the Standard 
Stores Catalogue.) 


Conductors were grouped in these six classes: 
1. Aluminum - bare, 

2. Steel Re-inforced - bare, 

3. Copper - bare, 

4, Aluminum - weather-covered, 

5. Steel Re-inforced - weather-covered, and 

6. Copper - weather-covered. 


Using those sizes of conductor designated by Distribution Plan- 
ning as used mostly in the retail system, a weighted average 
cost was computed for each size in each category, in dollars per 
foot. These weighted average costs were used in the regression 
analysis. 


Transformers were grouped in these six classes: 
1. pad-mounted, outdoor, single-phase; 

2. pad-mounted, outdoor, three-phase; 

3. pole-mounted, single-phase; 

4. indoor, dry type; 

5. submersible; 

6. outdoor, surface-mounted. 


A weighted average cost was computed for each size (kVA ca- 
pacity) within each class, and these were then used in the re- 
gression analysis. 


V. FIXED AND VARIABLE COMPONENTS OF 


The load-carrying capacity of a given size of conductor varies 
according to the voltage level at which it is used. 


The analysis of conductors required determining the load-carry- 
ing capacity of the various sizes for each voltage level of the re- 
tail distribution system. According to Distribution Planning, 
these were 25 kV, 13.8 kV, 12.5 kV, 8.32 kV and 4.16 kV. 


The load-carrying capacity of each conductor size was estab- 
lished using the formula kW =(kV/1; 3)xl where kW = kilowatts 
per conductor, kV = kilovolts (phase to phase), and | = ampac- 
ity. Distribution Planning provided ampacities for bare conduc- 
tors, by type and size, at a variety of ambient temperatures. The 
ampacity at 10 degrees celsius was used in calculating load- 
carrying capacity. For weather-covered conductors, the ampac- 
ities were reduced by 10 per cent to find their approximate load- 
Carrying capacity. 

The load data analysed can be seen in the accompanying 24- 
x-5 matrix. Each of these 120 variables has its own cost charac- 
teristics, therefore, the conductor analysis involves 240 varia- 
bles. 


A problem was posed by the need to group these variables 
together to express the cost of conductors as two variables: the 
minimum intercept or fixed cost, and the slope or variable cost. 


CONDUCTOR EXPENDITURES 


Least-square analyses were used to combine the variables in 
the following four steps: 


1. The Line of Best Fit was determined for each category of 
conductor at each voltage level, and the slope and Y-inter- 
cept were recorded. 


2. Usage weightings were computed for each category of con- 
ductor, using the amounts of conductor ordered through 
Central Stores during 1975 as measures of use. 


3. The classes of conductor were grouped under each voltage 
level by employing the results of step 1. This was done by 
determining the cost-per-foot variables in each category at 
various assumed load-carrying capacities, applying the us- 
age weightings determined in Step 2, and combining the re- 
sults at each kilowatt level. This process yielded a weighted 
average cost for each level of load, by voltage level. 


4. Aregression analysis was performed on the results of step 
3, yielding a slope and intercept for each voltage level. 


The intercepts determined in Step 4 are the minimum intercepts 
at each voltage level. As mentioned, a variety of voltage levels 
are used in the retail distribution system. An analysis of the 
length of line added to the retail system in 1975 made it possible 


Load Carrying Capacity by Voltage Level 
25 kV 13.8 kV 12.5 kV 8.32 kV 4.16 kV 


$/ft. kW $/ftt. 


Aluminum - Bare 


1. Sizes: 4/0 Oe mO7 20 6) 
2 336.4 -184 9511.8 
3 556.5 - 320 ; 

Steel Reinforced - Bare - 
4. Sizes: 2 051 ° Fy 
5. 1/0 077 4 6 
6. 3/0 oL3D : ‘ 
7 4/0 meh 4 5 
8. 336.4 .203 3 5 
9. 477.0 -281 . 3 
10. 605.0 412 
is 795.0 2575 ; A 
12. 1192.5 - 807 5 5 


Copper - Bare 


Copper - Weathercovered 


21. Sizes: 2 .299 4 . 
22. 1/0 425 A ‘ 
23. 2/0 ABET ° ; 
24. 4/0 -924 7950.0 


kW $/ft. kW $/ft. kW $/ft. kW 


3949.0 5 3536.2 ° 2353.7 . 1176.8 
525).5 . 4755.9 . 3165.5 : 1582.7 


1322.8 


og 
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to extend the dollar value of these intercepts (cost per foot) into 
the fixed share of conductor costs. 


In order to use the figures for length of line as above, the 
amount added at each voltage level was needed. This was esti- 
mated using voltage data (from the Load Service Questionnaire) 
pertaining to the various areas in the rural system. The length of 
line, converted to feet, was quadrupled to reflect the four-wire 
system. The number of feet at each voltage level was then multi- 
plied by the respective minimum intercepts (cost per foot) to de- 
termine the total fixed, or non-demand-related, cost of conduc- 
tor. 


Number of Minimum 
Voltage Feet of Intercept Total 
Level Conductor Added Cost per Foot Fixed Cost 
Wresy Vale 7,389,465.6 -04508 Ssisisiqs ily) 
8.32 kV Tip 2805275162 .04599 334,820 
4.16 kV 154,598.4 -04956 7,662 


S675), 099 


Once the non-demand-related cost is determined, the demand- 
related cost is the remainder spent during the year on conduc- 
tors, that is, $15,047,505. 


VI. FIXED AND VARIABLE COMPONENTS OF TRANSFORMER EXPENDITURE 


The analysis of transformers was much simpler than that of con- 
ductors, in that a measure of load carrying capacity is given in 
their ratings (kVA). The collected data was analysed, using the 
regression technique, in two groupings, as follows: 


1. Single-phase transformers with a rated capacity of no more 
than 50 kVA (the method proposed by the NARUC cost-allo- 
cation manual); 


2. transformers of all sizes. 


In each methodology, the data were analysed by transformer 
category, with each category yielding a minimum intercept val- 
ue. Weightings were then computed for each category of trans- 
former, using the amounts ordered through Central Stores in 
1975. These were applied to determine a weighted average in- 
tercept value. The analysis of group-1 transformers produced a 
weighted average intercept of $148.06. This analysis of all data 
produced a value of $194.45. 


The next step was to determine the fixed share of 1975 capital 
expenditures for transformers. This required determining the 
number of transformers added to capital during the year. This 
information, however, was not available from the accounting- 
records. Neither were the data provided through the Central 
Stores records usable as a measure. (The reasons for this were 
first that each area office maintains its own inventory, and sec- 
ondly that some purchases may be of a special nature. There- 
fore, not all transactions will necessarily be accounted for in 
stores records. ) 


Instead, the measure of the number of transformers used during 
the year was obtained from the Transformer Update Report pre- 
pared with data from the area offices. The report contains the 
number of transformers added, removed, and replaced each 
month. (The figure used in the analysis was the net quantity 
after additions and removals.) 


The total fixed or non-demand-related costs for the year were 
then determined by multiplying the net number of transformers 
added by the minimum intercept value. 


Net number of transformers 


installed in 1975 32,989 
Weighted average minimum intercept $148.06 
Total fixed cost $4,884, 351.00 


Once the non-demand-related cost was determined, the de- 
mand-related cost was the remainder spent on transformers 
during the year: that is, $5,674,290. 
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Vil. FIXED AND VARIABLE COSTS OF INSTALLING TRANSFORMERS 


As was already mentioned, the fixed costs of installing trans- 
formers are considered to be the cost of installing the smallest 
transformer. 


To calculate this, the man-hours and labour costs per hour re- 
quired to install the smallest transformer were determined. 
These data yielded a cost of $105.37 for installing each trans- 
former. This amount, when multiplied by the total number of 
transformers installed during the year, yielded the fixed or non- 
demand-related costs of installing transformers. 


Net number of transformers 


installed in 1975 32,898 
Cost of installing each transformer $105.37 
Total fixed cost $3,476,050.00 


Once the non-demand-related cost of installing transformers 
was determined, the demand-related cost was the remainder 
spent during the year: thatis, $1,090,584. 


Vill. RESULTS OF CAPITAL ALLOCATION 


After having been allocated as above, the different costs were 
totalled as follows: 


Variable or demand-related portion $25,668,919 
Fixed or non-demand-related portion $32,691,177 
Unallocated costs 93,027 022 
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IX. ALLOCATING COSTS FOR OPERATION, MAINTENANCE, AND ADMINISTRATION 


There are operation, maintenance, and administrative expenses 
related to capital outlays in 1975 that should be considered in 
determining the marginal costs of the retail system. A series of 
calculations determined these and allocated them to the fixed 
and variable classes. 


The part of total OM&A expenditures in 1975 related to capital 
added during that year was estimated using the following steps: 


1. The reproduction cost of the Retail Distribution Plant shown 
on the Statement of Financial Position as of 31 December 
1974 was determined in 1974 dollars. (The source of the 
data was an inflation-accounting study undertaken within 
Ontario Hydro.) 


2. The historical costs of retirements made in 1975, adjusted 
to 1974 dollars, were deducted from the results of step 1. 


3. The results of step 2 were converted to 1975 dollars. 


4. The capital additions to the retail system in 1975 (adjusted 
to reflect the lag in construction and in-service dates) were 
added to the results of step 3, yielding an approximation of 
retail-plant capital as of December 31, 1975, in 1975 dol- 
lars. This value was $1,271,567. 


5. The total OM&A expenses of the retail system were then re- 
lated to the results of step 4 to determine an OM&A cost per 
dollar of capital investment. The result of this calculation 
was $.0444. 


6. The unit OM&A cost determined in step 5 was then applied 
to the fixed and variable portions of the capital additions to 
rural plant in 1975. The results of these applications were 
non-demand-related and demand-related OM&A costs, as 


follows: 
OF-D Marginal 
Capital OM&A OM&A 
Additions Unite Cost Expenses 
Fixed or 


Non-Demand Related $32,691,177 $.0444/Scapital sl, 4515488 


Variable or 
Demand-Related S25°,6 605919 $.0444/Scapital ole 3 9.700 


X. DETERMINING INCREMENTAL FIXED AND VARIABLE COSTS 


As was already mentioned, providing electricity to a retail cus- 
tomer incurs capital, operating, maintenance, and administrative 
costs. The fixed and variable costs for 1975 have been allocated 
between fixed and variable as follows: 


Fixed Costs Variable Costs 
Capital S32),,09 L707 $25,668,919 
OME&A $1,451,488 $1,139,700 


The marginal costs of the rural retail system have been deter- 
mined in this study, by relating them to changes in load, energy, 
and the number of customers during 1975. 


Peak demand in the rural system served as the measure of load. 
However, owing to the mild winter of 1974 and the resulting low- 
load conditions, the change in the peak between 1974 and 
1975 was considered abnormal. An estimate was therefore 
made of what the normal growth in peak load would have been, 
by applying the average rate of growth from 1971 to 1975. This 
rate of 11.73 per cent, when applied to the 1975 peak of 2,962,- 
658 kW, yielded a growth of 252,571 kilowatts. 


The difference between the total energy consumed in the rural 
system in 1974 and 1975 revealed an energy growth of 533,- 
437,023 kilowatt-hours. 


The number of customers used to determine the marginal cus- 
tomer cost was 34,906, the number added in 1975. 


When applied to the fixed and variable costs, these measures 
yielded the incremental costs in the rural retail system. The re- 
sults are summarized in Appendix Ill. 
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XI. ANNUALIZING AND ESCALATING INCREMENTAL COSTS 


The incremental costs related to capital have been annualized at 
10.5 per cent over 35 years to determine yearly incremental 
costs. Since annual incremental costs were already calculated 
for OM&A, no annualizing adjustment was required. 


The incremental costs of capital and OM&A in 1975 dollars were 
converted to 1977, 1978, and 1979 dollars for use in designing 
rural retail rates. Indices provided by the Office of the Chief 
Economist were used to escalate the amounts. 


The results of the analyses undertaken in this study are summa- 
rized in Appendix IV. 
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APPENDIX I 


SUMMARY OF MARGINAL NON-COMMON COSTS IN 
1977, 1978, AND 1979 DOLLARS 


$/kW 
1g77. Te ioae wgLg7S 
Transformation (Notes 1 & 3) 
I Less than 115 kV but more 
than 20 kV Base o205 10.05 
II Less than 20 kV l2azt 13.42 14.90 
Distribution (Notes 2 & 3) 
Rural 6335 0, 92 726/ 
Meters (Note 4) ae . 26 428 
Notes 
1. The rate for a customer taking power at less than 20 kV 


is as shown. It is not the total of the two transfor- 
mation rates as in the present system. 


These figures were based on revised costing-loads that 
reflect the transfer of municipal customers’ loads over 
5000 kW to the direct class. Data from 3000 kW to 5000 kw 
were not available. These rates do not include the cost 
of line losses. 


These costs are calculated on costing-loads applicable 
to the function. The following percentages of total 
loads forecast the period 1977 to 1979 for the rural class. 


Transformation I . 
Transformation II 82.0 (based on 1974 actual) 
Distribution Shel 


This rate is for total load, not just Stage-1 transformation 
loads as at present. 
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APPENDIX III 


SUMMARY OF INCREMENTAL FIXED and VARIABLE COSTS FOR 1975 
IN THE RURAL RETAIL SYSTEM IN 1975 DOLLARS 


CAPITAL 
Number of customers added in 1975 34,906 
Fixed Costs $32,690) tn 
Cost per customer added 936.5) 
Annualized @ 10.5% over 35 years 101.44 


Amount of energy in rural system 1974 AL ot grt Lots Oe 
Amount of energy in rural system 1975 2, 3OS 952, 385 


Difference 993,437,023 
Variable costs $25,668,919 
Cost per incremental kWh .04812 
Annualized @ 10.5% over 35 years (per kWh) 00521 
Load growth 1975 (December estimate) (kW) D5 OTL 
Variable costs S:25 663:, 919 
Cost per incremental kW 101.63 
Annualized @ 10.5% over 35 years (per kW) fico 
OM&A 
Number of customers added in 1975 34,906 
Fixed costs $1,451,488 
Cost per customer added Sal 25S 


Amount of energy in rural system 1974 11 357.5), 54 55362 
Amount of energy in rural system 1975 127108), 9529365 


Difference D38,4575023 
Variable costs $15, £3897/00 
Cost per incremental kWh -00214 
Load growth 1975 (December estimate) (kW) 252,071 
Variable costs Se bo OU 


Cost per incremental kW 4.51 
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